	Exhibit___(STF-NHSW-5)
Page 1


BEFORE THE 
GEORGIA PUBLIC SERVICE COMMISSION



	IN THE MATTER OF: GEORGIA POWER COMPANY’S FUEL COST RECOVERY APPLICATION (FCR-27) 
	DOCKET NO. 56765





	
	
	

	
	DIRECT TESTIMONY
	

	
	
	

	
	AND EXHIBITS
	

	
	
	

	
	OF
	

	
	
	

	
	TOM NEWSOME, PE, CFA 

PHILIP M. HAYET

ANTHONY SANDONATO

LEAH J. WELLBORN
	

	
	
	








ON BEHALF OF THE


GEORGIA PUBLIC SERVICE COMMISSION 
PUBLIC INTEREST ADVOCACY STAFF


PUBLIC DISCLOSURE



April 9, 2026
	
	
	




	
	
	




TABLE OF CONTENTS
I.	BACKGROUND AND QUALIFICATIONS	2
II.	CONCLUSIONS AND RECOMMENDATIONS	3
III.	PROJECT SCOPE	6
Fuel Balance and Proposed Rates	10
Time-of-Use FCR Rates	15
IV.	HISTORICAL REVIEW - VARIANCE ANALYSIS	17
Historical Variance Analysis	17
Historical Generation Mix	21
Renewable Energy Programs	22
Coal Review	24
Natural Gas Storage and Purchases Review	33
Generator Outages	35
Transmission Outages	42
Winter Storm Impacts	43
Carrying Costs	44
Purchased Power	49
Opportunity Sales	49
V.	PROJECTED TEST PERIOD REVIEW	50
Natural Gas Price Forecast Assumptions	50
Fuel Projection Generation Mix	51
Renewable Procurement Costs	53
VI.	OTHER ISSUES	55
Economic Development and Large Loads	55
Real Time Pricing	60
Natural Gas Price Hedging Program	65
Firm Transportation	70
Interim Fuel Rider	71

Docket No. 56765		Public Disclosure Direct Testimony of Tom Newsome,
Philip Hayet, Anthony Sandonato, and Leah Wellborn



47

1. [bookmark: _Toc226619995]    BACKGROUND AND QUALIFICATIONS

Q.	PLEASE STATE YOUR NAMES AND BUSINESS ADDRESSES.
A.	My name is Tom J. Newsome. I am the Director of Utility Finance with the Georgia Public Service Commission (“Commission”). My business address is 244 Washington St., Atlanta, Georgia, 30334.
A.	My name is Philip Hayet. I am a Vice President and Principal of J. Kennedy and Associates, Inc. (“Kennedy and Associates”). My business address is 570 Colonial Park Drive, Suite 305, Roswell, Georgia, 30075. 
A.	My name is Anthony Sandonato. I am an outside consultant to Kennedy and Associates. My business address is 570 Colonial Park Drive, Suite 305, Roswell, Georgia, 30075. 
A.	My name is Leah Wellborn. I am a Director of Consulting and Principal at Kennedy and Associates. My business address is 570 Colonial Park Drive, Suite 305, Roswell, Georgia, 30075. 
Q. 	MR. NEWSOME, WHAT ARE YOUR PRIMARY RESPONSIBILITIES WITH THE COMMISSION STAFF?
A. 	I am responsible for economic, financial, and cost of equity analysis and evaluations at the Commission.
Q. 	WHAT CONSULTING SERVICES DOES KENNEDY AND ASSOCIATES PROVIDE?
A. 	Kennedy and Associates provides consulting services related to electric utility system planning, resource planning, fuel auditing, production cost modeling, ratemaking, finance, accounting, and industry policy issues.
Q.	PLEASE PROVIDE SUMMARIES OF YOUR EDUCATIONAL BACKGROUND AND EXPERIENCE.
A.	Summaries of our education, experience, professional certifications, and testimony appearances are provided in Exhibits STF-NHSW-1, STF-NHSW-2, STF-NHSW-3 and STF-NHSW-4 for Mr. Newsome, Mr. Hayet, Mr. Sandonato, and Ms. Wellborn, respectively.    
Q.	WHAT IS THE PURPOSE OF YOUR TESTIMONY?
A.	In this testimony, we present Staff’s analysis and recommendations concerning Georgia Power Company’s Fuel Cost Recovery (“FCR-27”) filing. We address the Georgia Power Company’s (“Georgia Power” or “the Company”) four requests in their direct testimony which are summarized below:
· To set projected fuel rates to recover fuel costs as projected for the Company’s FCR-27 test period (June 2026 through May 2028). 
· To increase the threshold amount by which the Company can trigger a rate adjustment through the Interim Fuel Rider (“IFR”) mechanism from the current amount of $200 million to $300 million. 
· To expand the natural gas hedging program; and,
· To authorize Georgia Power to recover all Renewable RFP (utility scale and distributed generation) and renewable subscription program-related costs not otherwise recovered by the Company through Bid Fees and Winner’s Fees, be recovered through the fuel clause[footnoteRef:2] [2:  Direct Testimony of Adam D. Houston and Matthew S. Berrigan p. 26, ll. 4-14.] 

We also address other fuel cost recovery issues, such as impacts of new large load customers on fuel cost recovery.
1. [bookmark: _Toc226619996] 	CONCLUSIONS AND RECOMMENDATIONS
Q.	PLEASE SUMMARIZE YOUR RECOMMENDATIONS.
A.	We offer the following findings/recommendations:
1) Staff recommends a $10,024,570 adjustment (reduction) to the fuel balance as shown in Table 1. In general, these issues concern generator and transmission outages, excess carrying costs, and Real Time Pricing (“RTP”) fuel credit calculations related to natural gas firm transportation (“FT”) and non-dispatchable contracts. Staff provides a historic impact quantification to provide an indication of the impact of issues investigated; however, Staff is only recommending adjustments as shown in the “Recommended Adjustment” column to the right.
Table 1: FCR Cost Disallowance Recommendations
	
	Historic Impact (Estimated)
	Recommended Adjustment

	McDonough 5B Generator Outage
	$XXXXXX
	$XXXXXX

	McDonough 6B Generator Outage
	$XXXXXXX
	$XXXXXXX

	McIntosh Generator Outage
	N/A
	

	XXXXX Transmission Issue Outage
	$XXXXX
	

	Excess Carrying Costs
	$8,221,787
	

	RTP Fuel Credit (FT) [footnoteRef:3] [3:  STF-JKA-3-11b.] 

	$57,571,357 
	

	RTP Fuel Credit (Take-or-Pay) [footnoteRef:4] [4:  Pending STF-JKA-6-1.] 

	N/A
	

	Total
	$76,006,714
	$10,024,570 


2) Staff disagrees with the Company’s proposed changes to the Interim Fuel Rider (“IFR”); and instead recommends the IFR remain unchanged at the $200 Million threshold. Staff further recommends that when the threshold is exceeded, the Company not only make an informational filing, but also be required to propose an adjustment to fuel rates to minimize cumulative impacts until a comprehensive fuel case can be filed and reviewed. However, Staff recommends any proposed IFR changes to fuel rates occur no more frequently than once every three months. 
3) Staff recommends in the future, costs in excess of revenues associated with Georgia Power’s Renewable RFP (utility scale and distributed generation) and renewable subscription programs be excluded from recovery through the fuel clause. Any of these costs in excess of revenues should be placed in a regulatory asset and addressed in the next base rate case.
4) The Company proposed that no specific date be set for the filing of the next FCR case (FCR-28). The Commission should establish a date for the next FCR filing. Staff recommends the Company file FCR-28 in February 2029 for new rates to go into effect June 1, 2029, on the traditional three-year cycle.
5) Staff recommends the natural gas hedging program be terminated as it does not ensure stable fuel rates for customers and has increased fuel cost for customers over time. Should the Commission allow the Company to continue its hedging program, Staff recommends the volumes and lead time be reduced to protect customers given the larger burn volumes expected in the future, and that the Company include detailed transaction level information in its annual reports to allow for further evaluation ahead of the Company’s next FCR proceeding.  
6) Staff recommends the Company continue filing semi-annual fuel reports as it has in the past. Additionally, Staff recommends that hourly energy and cost information be included to allow for an examination of Georgia Power’s average hourly fuel costs and the amount of RTP revenue credited to fuel revenues. 
7) Staff identified discrepancies in the treatment of RTP revenue used to offset FT costs recovered in fuel rates. Staff recommends the Company address the FT issues in rebuttal testimony and modify the RTP fuel credit methodology to include an FT cost component calculated like the capacity and transmission components to ensure that FT costs are shared by all load served during peak events. 
8) Staff found similar issues with take-or-pay contracts, and recommends the Company  address the take-or-pay contract issues in rebuttal testimony. Staff also recommends the Company modify the RTP fuel credit methodology to include take-or-pay contract costs in each hour to ensure that all generation costs that flow through the fuel balance are shared by all load served by the Company. 
9) Further regarding RTP, Staff recommends that the Commission open an investigation docket to consider if the RTP fuel credit methodology and the Company’s application of the methodology going forward is sufficient to protect non-RTP customers from cost-shifts associated with future load growth.  
10) Staff recommends that in Rebuttal Testimony, the Company should recompute the Part-B rate with an updated estimate, as the Company’s filed $XXX million Part A balance estimate may be smaller than the balance derived at the time of Rebuttal.
11) Staff recommends the Company explain in Rebuttal Testimony its coal inventory management strategy and provide sufficient evidence to prove that the coal units were not operated uneconomically through the historic period.
   
12) Staff recommends the Company explain in Rebuttal Testimony how customers can expect to see the benefit of the Company’s coal purchasing strategy of making high cost, diversity coal purchases, and consider whether any limits should be placed on such procurements.

13) Staff recommends the Company explain in Rebuttal Testimony why there was no replacement power cost XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX, which was an expensive month in the historical period.

14) Staff recommends the Company explain in Rebuttal Testimony why fossil generating unit planned outages have increased on average so significantly.

15) Staff recommends the Company provide a side-by-side comparison of the net renewable costs from the historic period and the projected period quantifying the impact of the Company’s Renewable RFP cost recovery request in the context of total program costs and revenues in Rebuttal Testimony.  The Company should itemize costs and revenues related to renewable programs using the same metrics for both the historical and projected periods, such that the projected amounts can be readily compared to historical period amounts on a one-to-one basis.  

1. [bookmark: _Toc226619997]	PROJECT SCOPE
Q.	PLEASE DESCRIBE THE OVERALL SCOPE OF DISCOVERY IN THIS CASE.
A.	In total, 12 formal sets of data requests were submitted that asked approximately 260 questions, and additional informal requests were made to the Company. During this proceeding, Staff had multiple conference calls with Company personnel and submitted and reviewed responses to Staff discovery requests.  
Q.	PLEASE DESCRIBE THE PURPOSE OF THE FUEL COST RECOVERY (“FCR”) TARIFF.
A.	The purpose of the FCR tariff is to establish a fuel charge to collect revenues from ratepayers for fuel costs projected to be incurred by the Company and for previously uncollected fuel expenses as allowed. 
Q.	WHAT AMOUNT HAS THE COMPANY DETERMINED IN ITS FILING THAT WILL NEED TO BE RECOVERED THROUGH FCR-27 RATES?
A.	The Company’s B2026 budget projection forecasts that the Company will need to recover $5.3 billion for future fuel costs incurred June 2026 through May 2028, including carrying costs, through Part-A rates.[footnoteRef:5] The Company also anticipates collecting $XXX million in under-recovered fuel costs, including carrying costs, remaining from the historical FCR-27 period (June 2023 – May 2026) through Part-B rates. The Company designed the FCR-27 Part-B rate to fully pay off the remaining under-recovered balance over the three-year period of June 1, 2026 through May 31, 2029.[footnoteRef:6] The Company’s projection of $XXX million may be smaller than the actual balance by May 2026, and Staff recommends the Company should recompute the Part-B rate at the time it files rebuttal testimony. [5:  MFRP-1 FCR-27 Budget TS.xlsx, Tab: FCR Part A. ]  [6:  MFRP-1 FCR-27 Budget TS.xls, Tab FCR Part B. In the Company’s February 2026 FCR Monthly Over / Under Report Docket 3382 the uncollected balance as of May 2026 is estimated to be $XXX million.] 

Q.	WHAT COSTS ARE ELIGIBLE FOR RECOVERY IN THE FCR?
A.	Fuel costs that are eligible for recovery are defined in the Georgia statute, O.C.G.A. § 46-2-26 (a)(1), which states, "Fuel costs" of a utility company means the cost of fuel as defined in the utility company's tariffs in effect on July 1, 1979, as such tariffs may be changed from time to time by order of the commission as provided by law.”  Consequently, fuel costs recoverable in the FCR balance are those costs listed in the utility’s most recent FCR tariff, which have been explicitly approved by the Commission.
Q.	HOW ARE RECOVERABLE FUEL COSTS DEFINED IN THE FCR TARIFF?
A.	Georgia Power’s prior FCR-26 and its proposed FCR-27 Tariff define recoverable fuel costs exactly the same as follows:[footnoteRef:7] [7:  Recoverable fuel costs defined in FCR-26 in Adams/Houston Direct Testimony Attachment A for FCR-26, Attachment B for TOU-FCR-6, and Attachment C for TOU-FCR-TP-4.] 

	Fuel Costs shall be the cost of:
(1) fossil, nuclear, bio-mass (including renewable) fuel and emission allowances (including credits, offsets, taxes, tariffs or other mechanisms intended to establish a market price for carbon, carbon dioxide and/or other greenhouse gases) consumed in the Company's own plants, and the Company's share of fossil, nuclear, and bio-mass (including renewable) fuel and emission allowances (including credits, offsets, taxes, tariffs or other mechanisms intended to establish a market price for carbon, carbon dioxide and/or other greenhouse gases) consumed in jointly owned or leased plants; plus
(2) the identifiable fossil, nuclear, bio-mass (including renewable) fuel and emission allowance costs (including credits, offsets, taxes, tariffs or other mechanisms intended to establish a market price for carbon, carbon dioxide and/or other greenhouse gases) associated with energy purchased for reasons other than identified in (3) below; plus
(3) the net energy cost of energy purchases, exclusive of capacity or demand charges (irrespective of the designation assigned to such transaction) when such energy is purchased on an economic dispatch basis. Included therein may be such costs as the charges for energy purchases and the charges as a result of scheduled outages, all such kinds of energy being purchased by the buyer to substitute for its own higher cost of energy; less
(4) the cost of fossil, nuclear, bio-mass (including renewable) fuel and emission allowances (including credits, offsets, taxes, tariffs or other mechanisms intended to establish a market price for carbon, carbon dioxide and/or other greenhouse gases) recovered through intersystem sales when sold on an economic dispatch basis; less 
(5) retail portion of gains resulting from the sale of any emissions allowances; less 
(6) seventy-five percent of net gains from wholesale market opportunity sales; plus or minus 
(7) net gains and losses incurred under the Natural Gas and Oil Procurement and Hedging Program implemented in Docket No. 16134-U; plus or minus
(8) carrying costs on over or under recovered fuel balance calculated at the Company’s short term debt rate and excluding the first $15 million of any under recovered cost; plus or minus 
(9) other costs or credits as determined by the Commission for inclusion in, or reduction of, recoverable fuel costs. 
		The Company states it has not introduced any new cost categories in its FCR accounting since FCR-26.[footnoteRef:8] The Company also states it requests the Commission to continue authorizing “Georgia Power to recover all Renewable RFP (utility scale and distributed generation) and renewable subscription program-related costs not otherwise recovered by the Company through Bid Fees and Winner’s Fees through the fuel clause, consistent with past practice.”[footnoteRef:9]  [8:  STF-JKA-1-3.]  [9:  Direct Testimony of Adam Houston and Matthew Berrigan on behalf of Georgia Power Company, p. 24, l. 21.] 

Q.	HAS STAFF DETERMINED IF THE COMPANY FULLY COMPLIED WITH THE COMMISSION’S ORDER IN FCR-26?
A.	Yes, Staff reviewed the Commission’s Order in FCR-26 that was filed May 25, 2023.  Some of the key items included: 
· Authorization to create a Part-A rate to recover future fuel costs, and a Part-B rate to recover historical under-recovered fuel costs left over from the prior FCR period. 
· A requirement to reduce the fuel balance by $7 million.
· A requirement to modify the Interim Fuel Rider (“IFR”) mechanism so that the maximum amount by which fuel rates could be adjusted during an FCR cycle would be 40% above or below the approved FCR-26 rates. The +/- $200 million threshold approved in FCR-23 was continued, but the Commission only required it be applied to the Part-A fuel balance. 
· A requirement to provide on June 30 and December 31 of each year, updated projected fuel balance information based on updated assumptions.  The Company was only required to update its natural gas price forecast for the June report. 
· A requirement to file the next FCR case by Feb. 28, 2026.
The only item from the prior case Staff is concerned about relates to the IFR mechanism. At present the Company is required to inform the Commission when the Part-A fuel balance exceeds the $200 million threshold; however, the Company is permitted to decide whether to make a formal request to change Part-A fuel rates prior to the next FCR proceeding. Since FCR-26, the Company filed eight IFR notifications, but it did not seek an adjustment to the FCR Part-A rate on any of those occasions.[footnoteRef:10] Staff has considered this practice and discusses it at greater length below. [10:  Direct Testimony of Adam D. Houston and Matthew S. Berrigan on behalf of Georgia Power Company, p. 13.] 

[bookmark: _Toc226619998]Fuel Balance and Proposed Rates
Q. 	WHAT HAPPENED TO THE FUEL BALANCE DURING THE FCR-27 HISTORICAL PERIOD?
A. 	The following figure shows the historical fuel balance, both Part-A and Part-B, beginning June 2023 when FCR-26 rates first went into effect. Early in this period, the under-recovered fuel balance exceeded $2 billion, but declined steadily over the period, and by December 2025, it decreased to approximately $522 million.[footnoteRef:11] The remaining Part B balance is projected to be paid off as of May 31, 2026. [11:  The Direct Testimony of Adam D. Houston and Matthew S. Berrigan on behalf of Georgia Power Company, at p. 12, indicates the fuel balance consists of $310 million of under-recovered fuel costs that existed at the start of FCR-26 (Part B), and $212 million of under-recovered fuel costs that occurred since FCR-26 rates became effective (Part A).] 

Figure 1[footnoteRef:12] [12:  “MFRH-14 TS.xlsx.”] 

[image: ]
[bookmark: OLE_LINK1][bookmark: OLE_LINK2]Q.	WHAT ARE THE FCR-27 RATES THAT THE COMPANY HAS PROPOSED IN THIS PROCEEDING?
A.	The Company has proposed the following FCR-27 two-part rate to recover two years of projected fuel costs until the next fuel proceeding occurs (Part-A), and to recover the projected remaining under-recovered fuel balance from the FCR-27 historical period as of May 31, 2026 amortized and collected over a 3-year period (Part-B).[footnoteRef:13] The overall costs are assigned to summer and winter periods and seasonal rates are derived as presented in the following table. [13:  STF-JKA-3-20.] 

Table 2: Non-Seasonal and Seasonal FCR-27 Rates [footnoteRef:14] [14:  MFRP-1 FCR-27 Budget TS.xls, tabs: “FCR 27 Part A” and “FCR 27 Part B.”] 


	
	Part A Projected Budget
(2 year)
	Part B Historic Under-Recovery
(3 year)

	Recoverable Costs ($000)
	 $5,278,751 
	$ 296,777 

	Carrying Cost ($000)
	$ (2,069)
	$11,845 

	Total Costs ($000)
	$   5,276,682 
	$308,623

	Applicable Sales (MWh)
	   143,524,387 
	  217,702,481 

	Non-Seasonal Rate c/kWh
	3.6765
	0.1418

	Summer Rate c/kWh
	3.6450
	.1423

	Winter Rate c/kWh
	3.6953
	.1415



The projected rates are further stratified into summer and winter rates for Transmission, Primary, and Secondary customers.
Q.	WHAT DOES TRANSMISSION, PRIMARY AND SECONDARY STRATIFICATION REPRESENT?
A.	Stratification refers to the voltage level at which customers receive electric service. Large industrial customers are typically billed at FCR transmission rates as they take service at higher voltage levels. Residential customers are billed at FCR secondary rates as they take service at lower voltage levels. Rates are stratified to account for differences in expected lines losses that occur as power is distributed from generation plants to customers, with higher line losses occurring as power is distributed to the lowest voltage levels (residential customers). The Company’s Direct Testimony includes Tables 1 and 2 showing the stratified, seasonal fuel rates. 
Q.	HOW DO THE COMPANY’S PROPOSED FCR-27 RATES COMPARE TO THE CURRENT FCR-26 RATES?
A.	The Part A summer and winter projected rates have increased by approximately 6% and 18%, respectively, compared to the Part-A rates from FCR-26.[footnoteRef:15] However, overall, the Summer and Winter average FCR-27 rates are lower than the average FCR-26 rates by 17% and 10%, respectively, primarily due to the significant reduction in the FCR-26 Part-B under-recovered balance, as shown in table 3 below. [15:  FCR-27 Exhibits PD.xlsx, Tab: Exhibit 6.] 

Table 3: FCR-26 vs. FCR-27 rates [footnoteRef:16] [16:  FCR-27 Exhibits PD.xlsx, Tab: Exhibit 6.] 

	
	FCR-26
	FCR-27
	% change

	Summer
	
	
	

	Part A
	3.4274
	3.6450
	6%

	Part B
	1.1259
	0.1423
	-87%

	Total
	4.5533
	3.7873
	-17%

	
	
	
	

	Winter
	
	
	

	Part A
	3.1380
	3.6953
	18%

	Part B
	1.1158
	0.1415
	-87%

	Total
	4.2538
	3.8368
	-10%


This is not surprising because by design the Part-B under-recovered balance from FCR-26 was to be completely paid off during the FCR-27 historical period. Georgia Power noted that, on average, there would be a decrease of approximately $5.74 per month on the total bill (including base and other rate components) of a typical 1,000 kWh residential customer related to FCR fuel costs.[footnoteRef:17] [17:  Direct Testimony of Adam Houston and Matthew Berrigan on behalf of Georgia Power Company, p. 3. ] 

Q.	HOW ARE THE PROJECTED RATES EXPECTED TO CHANGE OVER TIME?  
A.	The Company’s FCR-27 Part-A projected period rate is expected to recover 24 months of projected costs associated with the period of June 1, 2026 to May 31, 2028. The Company proposes that the 24-month rate will be in effect until the next FCR proceeding changes the projected Part-A rate, or until the IFR results in a change to the projected Part-A rate. 
The following table compares the Company’s proposed average 24-month Part-A rate (summer and winter combined) to projected rates calculated over different time periods, as indicated in the table. The yearly rates are projected rates that correspond to specific 12-month time periods as indicated in the table, and the 36-month projected rate captures costs over the more extended period of June 1, 2026 to May 31, 2029. While the Company proposes a rate based on a 24-month projection, the Company is not proposing a specific date for its next fuel case.  
Table 4: Average Non-Seasonal Part-A Rate (c/kWh)
	
	Proposed
24-Month Rate
	Year 1
12-Month Rate
	Year 2
12-Month
Rate
	Year 3
12-Month
Rate
	36-Month
Rate

	Start
	Jun-26
	Jun-26
	Jun-27
	Jun-28
	Jun-26

	End
	May-28
	May-27
	May-28
	May-29
	May-29

	c/kWh
	3.6765
	XXXXX
	XXXXX
	XXXXX
	XXXXX


The three individually forecasted rates increase year after year, because of escalating costs and increases in sales expected to require the acquisition of additional amounts of purchase power. In essence, the Company’s 24-month proposed rate is the average of the first two years’ rates. The advantage of holding the fuel rate constant over a two-year period is that it minimizes the number of rate changes that would occur, though in periods of volatility it could lead to customers being charged rates that are out of sync with actual fuel costs the Company incurs. Staff does not oppose the Company’s proposed 24-month Part-A rate, particularly because the IFR could be used to address volatility in the event rates customers are charged become significantly different compared to the actual fuel costs the Company incurs.[footnoteRef:18]  [18:  Based on the Company’s proposed Part-A rate, and assuming the Company’s fuel cost projection is accurate, and no fuel rate change were to occur, then an additional Part A under-recovery of approximately $283 million will occur in the third year (June 2026 – May 2029). ] 

[bookmark: _Toc226619999]Time-of-Use FCR Rates
Q.	HOW DID THE COMPANY DERIVE THE TIME-OF-USE RATES?
A.	In addition to the FCR-27 rate, the Company also proposed two time-of-use rates. The following is described in the Company’s tariffs:
FCR-27: This schedule is applicable to and becomes a part of each retail rate schedule in which reference is made to the Fuel Cost Recovery Schedule unless an account is billed on a Time of Use Fuel Cost Recovery Schedule.

TOU-FCR-7: Available to all customers in Georgia Power Company’s service area served on the Time of Use – Residential Energy Only (TOU-REO), Time of Use – Overnight Advantage (TOU-OA), Time of Use – Residential Demand (TOU-RD), Time of Use – Energy Only (TOU-EO), Time of Use – General Service Demand (TOU-GSD), Time of Use – Food and Drink (TOU-FD), Time of Use – Electric Vehicle Charging (TOU-EVC), Time of Use – High Load Factor (TOU-HLF), Time of Use – Revenue Neutral (TOU-RN), Fixed Pricing Alternative (FPA), Time of Use – Supplier Choice (TOU-SC), and Farm Service (FS) retail rate schedules and any other tariff ordered by the Georgia Public Service Commission

TOU-FCR-TP-5  Available to all customers in Georgia Power Company’s service area served on the Time of Use – Food and Drink (TOU-FD) and the Time of Use – Overnight Advantage (TOU-OA) retail rate schedules and any other tariff ordered by the Georgia Public Service Commission.
Q.	WHAT FUEL TARRIFF WILL NEW LARGE LOAD CUSTOMERS RELY ON?
A.	The majority of the Company’s new large load customers are served under Time of Use – High Load Factor (TOU-HLF), Time of Use – Revenue Neutral (TOU-RN), Fixed Pricing Alternative (FPA), Time of Use – Supplier Choice (TOU-SC) rates for a fixed portion of its bill, the customer baseline.[footnoteRef:19] New large load customers (after April 2025) will be served under the TOU-SC tariff with a customer specific Monthly Access Charge (“MAC”).   [19:  “The CBL represents a customer’s normal operation for billing under its conventional tariff. The CBL is initially developed using either customer-specific hourly firm load data or monthly billing determinant data that represents the electricity consumption pattern and level agreed to by the customer and Georgia Power. Changes in consumption, measured from the CBL, are billed at RTP-HA prices. The CBL is the basis for achieving revenue neutrality with the appropriate non-RTP-HA firm load tariff on a customer specific basis. Mutual agreement on the CBL is a precondition for use of RTP-HA.”  Tariff RTP-HA-12] 

Q.	HOW DO FCR-27 FUEL RATES COMPARE TO THE FCR-27 TIME-OF-USE FUEL RATES?
A.	The following table provides a comparison of the three rates, FCR-27, TOU-FCR-7, and TOU-FCR-TP-5.
Table 5: TOU FCR Rates (Secondary)  
$/kWh

	
	FCR-27
	TOU-FCR-7 [footnoteRef:20] [20:  The On-Peak period is defined as the hours starting at 2:00 p.m. and ending at 7:00 p.m. Monday through Friday for the calendar months of June through September (Summer Months). The Off-Peak period is defined as all hours not included above in the On-Peak period including all weekends and the calendar months of October through May (Winter Months).] 

	TOU-FCR-TP-5 [footnoteRef:21] [21:  The On-Peak period is defined as the hours starting at 2:00 p.m. and ending at 7:00 p.m. Monday through Friday for the calendar months of June through September (Summer Months). The Off-Peak period is defined as the hours between 7:00 a.m. and ending at 11:00 p.m. for weekends, holidays, and the calendar months of October through May.  The Off-Peak period for the calendar months of June through September (Summer Months) is defined as the hours between 7:00 a.m. and 2:00 p.m. and the hours between 7:00 p.m. and 11:00 p.m. Monday through Friday. The Super Off-Peak period is defined as the hours between 11:00 p.m. and 7:00 a.m. Monday through Sunday for all calendar months.] 


	Non-Seasonal
	.038471
	
	

	On-peak 
	
	.052397
	.052397

	Off-peak 
	
	.037533
	.038785

	Super Off Peak 
	
	
	.034832


The Company describes the derivation of the TOU rates as being revenue neutral, indicating, “The peak and off-peak period rates used in the Time-of-Use (“TOU”) fuel tariffs are derived by applying a ratio to the proposed non-seasonal FCR-27 prices by service level. Those ratios are calculated using the weighted marginal cost of energy (i.e., lambda) by TOU period over the projected test period.” [footnoteRef:22] [22:  STF-JKA-3-13.] 


1. [bookmark: _Toc226620000]    HISTORICAL REVIEW - VARIANCE ANALYSIS
[bookmark: _Toc226620001]Historical Variance Analysis
Q.	HAVE YOU COMPARED BUDGETED SALES AND FUEL REVENUES TO ACTUAL SALES AND FUEL REVENUES DURING THE HISTORICAL PERIOD?
A.	Yes, Staff compared budgeted sales and revenues projected in the last FCR proceeding (FCR-26) to the actual sales and revenues that occurred.[footnoteRef:23] This comparison covered the 36-month historical period for FCR-26 of January 2023 through December 2025, or calendar years 2023, 2024, and 2025. The following tables summarize the differences between actual and projected sales and revenue. [23:  Actual costs and projected costs were obtained from “MFRH-2 TS.xlsx” Tab: Cumulative. ] 

Table 6: Historic Variance Analysis  - Sales [footnoteRef:24] [24:  Actual costs and projected costs were obtained from “MFRH-2 TS.xlsx” Tab: Cumulative.] 

	January 2023 – December 2025
	Sales Revenue ($M)
	Sales Energy (GWh)
	Sales ($/MWh)

	
	Actual
	Proj.
	Var.
	Actual
	Proj.
	Var.
	Actual
	Proj.
	Var.

	Retail Sales
	9,728
	9,982
	(254)
	260,818
	259,376
	1,442
	$37.3
	$38.5
	($1.2)

	Wholesale Sales
	512
	310
	202
	16,895
	6,233
	10,662
	$30.3
	$49.8
	($19.4)

	Other [footnoteRef:25] [25:  Includes GPC Use, Losses, and Unbilled Sales.  Unbilled revenues and unbilled energy sold are reported on FERC Form 1 page 304 and represents energy usage and service revenue earned but not yet billed as of the end of a reporting period.  Generally, revenues are accrued for the unbilled energy usage by utilities and the amounts are reversed when billed.] 

	
	
	
	10,732 
	10,842 
	(111)
	
	
	

	Total
	10,240
	10,292
	(52)
	288,864
	276,452
	11,993 
	$36.9 
	$38.7 
	($1.9)


The most significant observations are that actual retail energy requirements were higher than the projection by a small amount, while wholesale load was almost three times the projected amount. Also, the actual average revenue rate ($/MWh) was a little below the projection for the period.
Q.	WHAT ARE THE DRIVERS OF THE DIFFERENCES IN ACTUAL VERSUS PROJECTED RETAIL SALES?
A.	The following table compares the actual versus projected retail sales during the historic period and shows the components that make up retail sales. 
Table 7: Historic Billed Retail Sales
January 2023 – December 2025 [footnoteRef:26] [26:  MFRH-13.5 TS.xlsx Tab: “Historic Period Variance.”] 

	
	Actual
	Projected
	Variance
	Variance

	
	Total MWHs
	Total MWHs
	Total MWHs
	%

	Residential
	86,467,038 
	87,655,742 
	(1,188,704)
	-1.4%

	Commercial 
	101,865,907 
	97,137,811 
	4,728,096 
	4.9%

	Industrial
	71,241,399 
	73,296,049 
	(2,054,650)
	-2.8%

	Street Lights
	783,695 
	869,918 
	(86,223)
	-9.9%

	MARTA
	459,892 
	416,863 
	43,029 
	10.3%

	Total Retail Billed Sales
	260,817,931 
	259,376,383 
	1,441,548 
	0.6%


Residential, Industrial and Street Light sales were lower than projected, and Commercial sales were higher due to an increase driven by Georgia’s robust business growth.[footnoteRef:27] There was also an increase in Railway Service associated with MARTA.  [27:  MFRH-13.5 TS.xlsx Tab: “Historic Period Variance.”] 

Q.	HAVE YOU COMPARED PROJECTED GENERATION COSTS AND ENERGY TO ACTUAL GENERATION COSTS AND ENERGY DURING THE HISTORICAL PERIOD? 
A. 	Yes. The following table compares the projection that covered the FCR-27 historical period (2023 to 2025 calendar year period) to the actual costs and generation that occurred during that period.  
Table 8: Historic Variance Analysis  - Generation [footnoteRef:28] [28:   Actual costs and projected costs were obtained from “MFRH-2 TS.xlsx” Tab: Cumulative.] 

	January 2023- December 2025
	Generation Cost ($M)
	Generation Energy (GWh)
	Generation ($/MWh)

	 
	Actual
	Proj.
	Var
	Actual
	Proj.
	Var
	Actual
	Proj.
	Var

	Natural Gas
	2,460 
	2,712 
	(252)
	 86,066 
	 87,695 
	(1,630)
	$28.6 
	$30.9 
	($2.3)

	Coal Steam
	1,875 
	 817 
	1,057 
	 38,070 
	 15,778 
	22,292 
	$49.2 
	$51.8 
	($2.5)

	Nuclear
	 575 
	 631 
	(55)
	 65,461 
	 68,349 
	(2,888)
	$8.8 
	$9.2 
	($0.4)

	Purchase Power
	2,158 
	2,663 
	(505)
	 67,218 
	 69,086 
	(1,869)
	$32.1 
	$38.5 
	($6.4)

	Hydro
	- 
	- 
	- 
	 3,885 
	 4,012 
	 (128)
	$0.0 
	$0.0 
	$0.0 

	Solar (Purchased)
	 615 
	 761 
	(146)
	17,488 
	 20,283 
	(2,796)
	$35.1 
	$37.5 
	($2.4)

	Solar (Owned)
	
	
	
	 1,834 
	1,995 
	(161)
	
	
	

	Biomass
	 514 
	 581 
	(67)
	 6,718 
	 7,680 
	 (962)
	$76.5 
	$75.6 
	$0.9 

	Wind
	 145 
	 108 
	 36 
	 2,145 
	 1,606 
	 539 
	$67.4 
	$67.3 
	$0.1 

	BESS
	(1)
	- 
	(1)
	 (19)
	 (33)
	 13 
	$37.5 
	$0.0 
	$37.5 

	Total Fuel Expense
	8,341
	8,273
	67
	 288,864 
	 276,452 
	  12,412 
	$29.8 
	$30.5 
	($0.7)

	Hedging
	 274 
	 156 
	 118 
	
	
	
	 
	 
	 

	Miscellaneous[footnoteRef:29] [29:  Miscellaneous Category includes: Emission Allowances – SO2, Emission Allowances – NOx, Economy Energy Profits, Carrying Cost/(Benefit), Net Renewable Program Expenses/(Revenues), EPA Auction Proceeds, Spent Nuclear Fuel Litigation Awards, FCR-26 Settlement Adjustment, Excess ADIT Adjustment: State Income tax rate change - Part A, Excess ADIT Adjustment: State Income tax rate change - Part B.] 

	 92
	 132 
	(41)
	
	
	
	 
	 
	 

	Recoverable Costs
	8,706 
	8,562 
	 144 
	 288,864
	 276,452
	12,412 
	$30.1 
	$31.0 
	($0.8)


Key variances include a significant increase in coal generation and costs, a decrease in natural gas, nuclear, purchase power, solar and biomass generation, and an increase in the amount of wind generation between the projected and actual results. Actual purchase power energy was lower than the projection by only 3%; however, the total cost associated purchase power was significantly less than projected by approximately 19%.  Generally, the average rate ($/MWh) for purchase power trended below the projection in 2023 and 2024, and was close to the projection through 2025, following high costs in January 2025. Because of an increase in sales, Net Generation increased compared to the projection; however, despite the increase in Net Generation, the overall Generation Cost increased by less than 2%.
Q.	HOW DID THE COMPANY’S HENRY HUB NATURAL GAS PRICE PROJECTION COMPARE TO ACTUAL RESULTS?
A. 	The Company included a comparison of monthly average projected versus actual Henry Hub prices covering the FCR-27 historical period in Chart 1 in Company Witnesses Houston and Berrigan’s Direct Testimony. The chart indicates that other than in the January 2024 and January 2025 months, the actual Henry Hub prices were less than the projected prices. In the two January months the actual and projected prices were nearly identical. 
Q.	HOW DID VOLATILITY IN NATURAL GAS PRICES AFFECT THE OVERALL COSTS CUSTOMERS HAD TO PAY FOR NATURAL GAS?
A. 	The following chart depicts the daily volatility of the Henry Hub Natural Gas Price in the historical period. 
Figure 2: Daily Natural Gas Spot Pricing [footnoteRef:30]  [30:  STF-JKA-2-1.  See also Georgia Power Direct Testimony, Chart 3] 

[image: ]
The chart shows that three significant spikes occurred during the review period, Winter Storm Heather in January 2024, Winter Storm Cora in January 2025, and Winter Storm Enzo in February 2025. However, the spikes were short lived, and Chart 1 from Company Witnesses Houston and Berrigan’s Direct Testimony indicates the spikes did not cause significant increases in costs over a long period.   
[bookmark: _Toc226620002]Historical Generation Mix

Q.	HOW DID GEORGIA POWER’S ACTUAL MIX OF GENERATION CHANGE OVER TIME?
A.	The following table compares the sources of generation and costs for the resources that were used to supply the actual load during the FCR-27 historical period (2023-2025) year over year.
Table 9: Historic Annual Cost and Generation Mix[footnoteRef:31] [31:  Actual and projected costs were obtained from “MFRH-2 TS.xlsx.” ] 

	
	Generation Cost ($M)
	% Generation Cost
	% Generation Energy

	
	
	
	

	
	2023
	2024
	2025
	2023
	2024
	2025
	2023
	2024
	2025

	Natural Gas
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	33.1%
	30.1%
	26.5%

	Coal Steam
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	12.8%
	13.0%
	13.7%

	Nuclear
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	20.3%
	23.9%
	23.6%

	Purchased Power
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	23.9%
	21.7%
	24.2%

	Hydro
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	1.4%
	1.3%
	1.4%

	Solar
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	5.2%
	6.9%
	7.8%

	Biomass
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	2.5%
	2.4%
	2.1%

	Wind
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	0.8%
	0.7%
	0.7%

	BESS
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	0.0%
	0.0%
	0.0%

	Hedging
	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	0.0%
	0.0%
	0.0%

	Miscellaneous[footnoteRef:32] [32:  Miscellaneous includes Emission Allowances – SO2, Emission Allowances – NOx, Economy Energy Profits, Carrying Cost/(Benefit), Net Renewable Program Expenses/(Revenues), EPA Auction Proceeds, Spent Nuclear Fuel Litigation Awards, FCR-27 Settlement Adjustment, Excess ADIT Adjustment: State Income tax rate change - Part A, Excess ADIT Adjustment: State Income tax rate change - Part B.

] 

	$XXX
	$XXX
	$XXX
	XX%
	XX%
	XX%
	0.0%
	0.0%
	0.0%

	Total
	$2,850
	$2,715
	$3,142
	100%
	100%
	100%
	100.0%
	100.0%
	100.0%


	Comparing total generation cost, there was a slight decrease of about 5% between 2023 and 2024 and an increase of 15% from 2024 to 2025 in costs to meet customer requirements. The results show a continued reliance on natural gas, coal, nuclear, and purchased power, with some additional growth in renewables such as solar.  Additionally, there was a slight jump in nuclear generation between 2023 and 2025, reflecting the new Vogtle 3 and 4 nuclear units. 	
[bookmark: _Toc226620003]Renewable Energy Programs 

Q.	ARE THE COSTS AND REVENUE OF RENEWABLE ENERGY PROGRAMS INCLUDED IN FCR RATES?
A.	Yes. Revenues from participating customers in the Company’s Green Energy riders are used to offset program costs first and then are used to offset the cost of purchasing renewable energy included in the FCR. These programs include the Company’s Advanced Solar Initiative (“ASI”), Renewable Energy Development Initiative (“REDI”), Simple Solar, Green Energy Program, RNR, and Solar Purchase (“SP”) programs, as well as Qualifying Facilities (“QF”) purchases. The types of purchased energy sources in these programs include solar, biomass, hydro, landfill gas, wind, fuel cells, and mixed types of renewable energy. Staff conducted a high-level review of these green energy programs, including reviewing MFRH information, and information provided in data responses.  
Table 10: Summary of Renewable Program 
Labor and Expenses [footnoteRef:33] [33:  STF-PIA-5-1.  The net renewable program costs for the historic period total to approximately $XXXXXXXX. ] 


	Components
	2023-2025

	Labor (GPC)
	$XXXXXXX

	Materials & Fuel (GPC)
	$XXXXXXX

	Software Expenses (GPC)
	$XXXXXXX

	Other Expenses (GPC)
	$XXXXXXX

	IE Costs
	$XXXXXXX

	3rd Party Costs
	$XXXXXXX

	Total Labor and Expense Costs [footnoteRef:34] [34:  Excludes REC procurement costs, transmission, additional sum, and renewable integration costs.] 

	$XXXXXXX


The Company also identified approximately $49.3 million in revenues (which includes Bid Fees, Winners Fees, Bid Securities, Assignment Fees, Liquidated Damages, Witness test Re-testing, and Interconnection Study Fees) and $27.9 million in RFP related expenses over the historic period (January 2023-December 2025).[footnoteRef:35]  Specifically, the Company estimated historic RNR administrative costs at $6.9 million and CARES Program expenses at $8.2 million, inclusive of Bid Fees, Bid Securities, Winner Fees, Assignment Fees, and Liquidated Damages.[footnoteRef:36] [35:  STF-JKA-2-29.]  [36:  STF-JKA-2-30.] 

[bookmark: _Toc226620004]Coal Review
Q.	DOES THE COMPANY HAVE A REQUIREMENT TO MEET SPECIFIC COAL INVENTORY TARGETS? 
A.	Yes. In FCR-22, the Commission approved the Company’s request to widen the inventory target range from 45 to 50 days of inventory to 40 to 50 days of inventory at each of its coal-fired power plants.[footnoteRef:37] The target has not changed since FCR-22.[footnoteRef:38]  [37:  Final Order 33302 filed in Docket No. 28945 (FCR-22).]  [38:  MFRH-3.1 TS.xlsx, tab: “Coal Inventory Targets.] 

Q.	DID THE COMPANY MEET THESE TARGETS IN THE FCR-27 HISTORICAL PERIOD?
A.	The following figure compares the Company’s Target versus Actual Inventory Levels during the FCR-27 historical period for both Plant Scherer and Bowen. 
Figure 3:  Coal Inventory[footnoteRef:39] [39:  Inventory targets: MFRH-3.1 TS.xlsx and actual inventory values from MFRH-3.2 Coal TS.xlsx.] 




XXXXXXXXXXXXX began the review period XXXXXX minimum inventory target level, but then both plants XXXXXXX the minimum inventory target level for most but not all of the FCR-27 historical review period. XXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXX.
Q.	HAS THE COMPANY UPDATED ITS METHODOLOGY TO COAL INVENTORY MANANGEMENT?
A.	The Company noted it continues to engage in real time management of its coal inventories; however, it also stated that it began formal monthly reviews of forecasted coal plant operation and expected coal deliveries in 2023.[footnoteRef:40]  [40:  Georgia Power response to STF-JKA-3-29.] 

Q.	WERE ANY COAL UNITS OPERATED UNECONOMICALLY AT ANY TIME DURING THE FCR-27 HISTORICAL PERIOD?
A.	It is not clear. Staff asked the Company in discovery request STF-JKA-1-29 and STF-JKA-3-30 whether any coal units were dispatched uneconomically during the FCR historical period to manage coal inventories. The Company’s answers did not appear to be responsive. Presumably, the determination of whether a generating unit was uneconomically dispatched for a given time period could be determined from daily generating unit dispatch operating logs.  The Company’s standard operating procedure is to commit and dispatch the lowest cost generation available, subject to identifiable constraints. The Company should be aware of any constraints that resulted in commitment and dispatch out of economic order. However, the Company claimed that it could not determine whether a specific unit was committed and dispatched uneconomically because of its new coal inventory management process. In MFRH-3.1, the Company described various considerations for coal dispatch to manage reliability, production costs, coal supply availability, and coal inventories.  The Company stated:
Because coal management is now addressed on a monthly basis, and because of unit constraints, the Company cannot determine whether a specific unit was run due to coal inventory management or due to specific operating constraints. [footnoteRef:41] [41:  MFRH-3.1] 


It is unclear why managing coal inventory on a monthly basis means the Company could no longer use daily operation logs to identify whether its coal units were operated uneconomically. 
The period between XXXXXXXXXXXXX was particularly conspicuous in that inventory levels for both Plant Bowen and Scherer were XXXXX the maximum target inventory level. Plant Scherer, especially, reached a point where its coal inventory was XXXXXXXXXXXXXX target inventory level. It is possible that to XXXXXXXXXXX XXXXXXX, the Company had to XXXXXXXXXXXXXXXXX, yet the Company gave no indication of whether that was the case in response to STF-JKA-3-29. The Company was even asked in STF-JKA-4-17e for communication between XXXXXXXXX and the dispatch center regarding uneconomic operation of the plant, but limited information was provided. Staff has pursued this issue further and requested additional discovery; however, those responses were not available at the time this testimony had to be submitted.[footnoteRef:42]  [42:  STF-JKA-7-1 and STF-JKA-7-4 (pending).] 

Staff recommends the Company definitively address this issue in Rebuttal testimony and provide sufficient evidence to prove that the coal units were not operated uneconomically.  
Q.	PLEASE DISCUSS YOUR INVESTIGATION OF THE COMPANY’S COAL PROCUREMENT ACTIVITIES IN THIS FCR.
A.	Staff investigated the Company’s coal procurement practices following the same approach as in prior FCR proceedings, which included reviewing the Company’s Buy Books, reviewing MFRs (3, 6, 7, 8 and 9), and requesting additional discovery.
Q.	WHAT INFORMATION IS CONTAINED IN THE BUY BOOKS? 
A.	The Buy Books contain documentation concerning the procurement of coal typically based on the plants served by specific railroads, such as Norfolk Southern (“NS”) or CSX.  Typically, each Buy Book includes the following information: 
· Reason for procuring coal
· Bid solicitation documentation
· Bids received and analysis of the bids
· Copies of communication with suppliers 
· Email confirmation and letter confirmation of purchase agreements
· Contract documentation
· Analyses
· Purchase orders
Q.	DID STAFF IDENTIFY ANY CONCERNS IN ITS REVIEW OF THE COAL BUY BOOKS? 
A.	Yes. During Staff’s review, a couple of issues were identified and additional discovery was issued. One issue related to purchases of coal from the XXXXXXXXX. The price of coal from the XXXXXXXXX was significantly higher than other coal that was readily available, including from suppliers such as XXXXXXXXXXXXXX XXXXXXXXXXXXXX. The Company signed contracts for less expensive coal from those suppliers and could have taken more coal from those suppliers but instead contracted with XXXXXXX at a XXXXXXX higher cost. 
Q.	WHAT PURCHASES DID THE COMPANY MAKE FROM THE XXXXXXXXX MINE AT HIGHER COSTS? 
A.	Georgia Power first committed to a purchase from XXXXXXX based on a Long-Term (“LT”) solicitation issued XXXXXXXXX. The Company noted in the XXXXXXX XXXXXXXXXXXXXXXXXXXXXXXX that it had acquired XXXXXXXXX, XXXXXXXXXXX, XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXX.[footnoteRef:43] Additional coal was available from XXXXXXXXXXXXXX XXXXXXXXXXXX, and their Confirmation Agreements indicated that the coal was available at purchase prices that ranged from XXXXXXXXXXXX. The Company also noted in the XXXXXXXXXXXXXXXXXX that there were uncertainties associated with the XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXX XXXXXXXXXX.[footnoteRef:44] [43:  This price was later determined to be $XX/ton refer to TAB 1 Documentation XXXXXXXXXXXX.]  [44:  TAB 4 XXXXXXXXXXXXX Confirmation XXXXXX fully executed.pdf.] 

Q.	WERE ANY OTHER PURCHASES MADE FROM XXXXXXXXX? 
A.	Yes. Georgia Power committed to another purchase from XXXXXXXXX based on an XXXXXXXXXXXXXXX issued XXXXXXXXXX.  In a XXXXXXXXXXXXX dated XXXXXXXXXXX, the Company committed to an additional XXXXX tons in XXX and XXXXXX tons in XXX at costs of $ XXX/ton and $ XXX/ton, respectively.[footnoteRef:45] The Company made these purchases despite noting in an internal Company email that other coal was available at cheaper prices, and in fact stated, “XXXXXXXXXXXXXXXX XXXXXXXXXXX.”[footnoteRef:46] The other coal offers ranged in price between $ XXXXXXXX $ XXXXXX. In the documentation, the Company continued to note XXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXX.[footnoteRef:47] [45:  The price was later determined to be $ XXXXX per the Company’s “Tab 6 XXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXX.”  ]  [46:  TAB 4 Re_Bowen LT (XXXXXXX) purchase recommendations. ]  [47:  Confirmation Agreement, TAB 4 XXXXXXX full executed GA Power XXXXXXXXXXX.pdf.] 

Q.	WERE ANY OTHER SOLICITATIONS CONDUCTED THAT RESULTED IN PURCHASES FROM THE XXXXXXXXXXXXXX? 
A.	Yes. A XXXX LT solicitation was issued on XXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXX than other coal that was available at the time.  In addition, a further amount of coal was acquired from XXXXXXX, which again increased the XXXXXXX purchase amount based on XXXXXXXXXXXXXXXXXXXXXXXX to Georgia Power in XXXXXXXXX. The price offered was fairly high compared to offers from other suppliers with coal available, whose prices ranged from XXXXX XXXXXXXXXXXXXXXX The following table breaks down the timeline of all XXXXXXX purchases and prices since 2024.
Table 11: Timeline for Acquisition of XXXXXX Tons
	 
	 
	 
	ktons
	$/ton

	Bid Issued
	Confirmation Agreement Date
	Type of Purchase
	2026
	2027
	2028
	2029
	2026
	2027
	2028
	2029

	XXXXX
	XXXXXXX
	XX
	XXX
	XXX
	XXX
	XXX 
	XXX
	XXX
	XXX
	XXX

	XXXXX
	XXXXXXX
	XX
	XXX
	XXX
	 XXX
	XXX
	XXX
	XXX
	XXX
	XXX

	XXXXX
	XXXXXXX
	XX
	XXX 
	 XXX
	XXX
	XXX
	XXX
	XXX
	XXX
	XXX

	XXXXX
	XXXXXXXXXX [footnoteRef:48] [48:  Email; XXXXXXX requested to add XXXXXXX for XXXXXXXXXXXXXXXXXXXXXX.  ] 

	XX
	 XXX
	XXX
	XXX
	XXX
	XXX
	XXX
	XXX
	XXX

	XXX
	XXX
	XXX
	XXX
	XXX
	XXX
	XXX
	XXX
	XXX


Q.	HOW DID THE COMPANY JUSTIFY MAKING SUCH EXPENSIVE COAL PURCHASES?
A.	The Company explained that maintaining diversity with its suppliers and regions is important. In the XXXXXXXXXXXXXXXX dated XXXXXXXXXXX, the Company stated, “XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXX XXXXXXXXXXX.” The Company also referred Staff to its Coal Procurement Strategy Document as additional support,[footnoteRef:49] which explained: [49:  STF-JKA 4-18.] 

· XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX.[footnoteRef:50]  [50:  MRFH-6 Attachment C TS.docx, p. 5.  ] 

· XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX[footnoteRef:51] [51:  MRFH-6 Attachment C TS.docx, p. 5. ] 

· XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX[footnoteRef:52]  [52:  STF-JKA-4-18.] 

Q.	DOES STAFF HAVE ANY CONCERNS ABOUT THE COMPANY’S DECISIONS TO PURCHASE FROM THE BLACKHAWK MINE? 
A.	Yes. While Staff acknowledges that the Company would like to maintain diversity with its suppliers and regions from which it acquires coal, Staff is concerned that the added cost of acquiring coal from the XXXXXX mine is not inconsequential. A rough estimate of the XXXXXXX coal acquisition as a percentage of total Bowen coal expected to be purchased in 2027 is that XXXXXXX represents close to XX% of the total coal acquisition in 2027 XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXX.[footnoteRef:53]   [53:  MFRP-7.1.] 

Q.	WHERE ANY OTHER HIGH-COST XXXXXXXXXXXXXXXXXX ENTERED INTO?
A.	Yes. The Company entered into other high-cost coal purchases as indicated in the following table. The Company explained it entered into these Agreements for XXXX XXXXXXXXXXXXXXXXXXXXXXXXXXX.[footnoteRef:54]  [54:  Tab 1 Documentation 2026-2030 LT Purchase and Q1-Q2 spot.docx.] 

Table 12: Other High-Cost XXXXX Coal Purchases
	 
	 
	ktons
	$/ton

	Supplier [footnoteRef:55] [55: XXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX        XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX.] 

	Confirmation & Agreement Dates
	2025
	2026
	2027
	2028
	2029
	2025
	2026
	2027
	2028
	2029

	XXXXXXX
	XXXXXXXXXX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX

	XXXXXXX
	XXXXXXX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX

	XXXXXXX
	XXXXXXX[footnoteRef:56] [56:  XXXXXXXXXXXXXXXXX.] 

	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX

	Total
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX
	XX

	 
	


Staff understands the Company’s desire to acquire coal based on these reasons, but this approach appears to be XXXXXXXXXXXXXX.  It would be understandable if the Company did not have XXXXXXXXXXXXXXXXXXXX, but it appears it does. Staff requests that in its rebuttal testimony, Georgia Power explain further how customers can expect to see the benefit of the Company’s coal purchasing strategy. 
Q.	DID STAFF IDENTIFY ANY OTHER COAL ACQUISITION OR COAL TRANSPORTATION ISSUES AS PART OF ITS INVESTIGATION IN THIS PROCEEDING?
A.	Staff identified two other issues, including an ongoing coal transportation litigation matter, and a coal supplier force majeure matter that arose during the historical period. The coal transportation litigation matter is part of a long-running rail freight fuel surcharge antitrust litigation case that Southern Company and many other coal shippers filed against the four major U.S. freight railroads in the U.S. The case was filed in October 2019 and accuses the freight companies of having conspired to fix prices for freight rail transportation.[footnoteRef:57] A decision was reached by a federal judge in 2025 at the U.S. District Court for the District of Columbia in favor of the railroads; however, that decision is now under appeal.[footnoteRef:58]   [57:  MFRH-8.]  [58:  https://www.pymnts.com/cpi-posts/antitrust-case-against-freight-rail-giants-moves-to-appeals-court-after-dismissal/] 

		The coal supplier force majeure issue related to a XXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX,[footnoteRef:59] which required XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXX XXXXXXXXXXXXXXXXXXXXXX. The Company did not provide any additional information, likely because this is a very recent event. Staff will continue to monitor this event.  [59:  The exact day was not specified.] 

[bookmark: _Toc226620005]Natural Gas Storage and Purchases Review

Q.	DOES THE COMPANY UTILIZE FIRM NATURAL GAS STORAGE?
A.	Yes. The Company utilizes firm natural gas storage capacity to: [footnoteRef:60] [60:  MFRH-3.1 TS and MFRH Gas 3.2 TS.] 

1. XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX

2. XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX

The Company develops storage targets to meet the stated goals of the program.
Q.	DID THE COMPANY MEET THESE TARGETS IN THE HISTORICAL PERIOD OF FCR-27?
A.	The Company’s targeted storage level fluctuates with the seasons as seen in the figure below. The Company met its firm natural gas storage targets for almost all months in the review period.  There were XXXXXXXX in which the natural gas storage was slightly less than the targeted amount and there were no more than XXXXX consecutive months in which the storage fell below the target level during the historical period. Since the Company mostly maintained storage levels above the targeted amount, presumably that allowed the Company to meet its reliability objectives by avoiding natural gas disruptions and maintaining operational balancing requirements.
Figure 4:  Natural Gas Storage Inventory[footnoteRef:61] [61:  Target values from MFRH-3.1 TS.xlsx and Ending Balance values from MFRH-3.2 Gas TS.xlsx.] 



Q.	IN ADDITION TO THE REVIEW OF THE NATURAL GAS STORAGE AMOUNTS DID STAFF REVIEW THE COMPANY’S NATURAL GAS PURCHASES FOR THE HISTORIC PERIOD. 
A.	Yes. Staff reviewed a sample of natural gas commodity spot purchases made during the historic period compared to monthly NYMEX pricing, daily Henry Hub pricing and transaction level adders for the purchases. Staff did not identify any concerns with the natural gas storage or purchases during the historic period. 
[bookmark: _Toc226620006][bookmark: _Hlk132133211]Generator Outages
Q.	DID STAFF REVIEW THE GEORGIA POWER’S FOSSIL PLANT OUTAGES?
A.	Yes, this panel reviewed fossil unit outages and RTI Consulting reviewed nuclear unit outages. This panel examined unit outage information provided with the Company’s filing in MFRH 4.2, which includes outage dates and durations, lost energy, NERC cause codes and a brief description of each outage event. The Company also included a table of unplanned fossil unit outages and derations that lasted longer than 7 days. This panel also reviewed select Root Cause Analyses (“RCAs”)[footnoteRef:62] developed by the Company, which provided a more thorough explanation of the outages based on information the Company gathered from the personnel directly involved in the outages. The RCAs included a determination of the cause(s) of the outages, and a description of the actions that were taken to bring the plant back online.  [62:  In addition to Root Cause Analysis, the Company used different names for some outage reports, including Corrective Action Report, Apparent Cause Analysis, and Event Learning Report.] 

Q.	WHAT DID YOUR INITIAL REVIEW ENTAIL?
A.	Staff’s initial review focused on outages that resulted in a significant loss of energy, outages that lasted more than 7 days, and outages that resulted from errors, including operator, maintenance personnel, contractor, operating procedure, maintenance procedure, contractor procedure, and staff procedural errors, which were designated using the NERC Generating Availability Data System (“GADS”) cause codes 9900, 9910, 9920, 9930, 9940, 9950, and 9960 respectively.  
Q.	WHAT OUTAGES DID STAFF EXAMINE MORE CLOSELY? 
A.	Staff focused close attention on outages with units McDonough 5B, McDonough 6B, McIntosh CT7, and a series of outages caused by either contractor or operator errors.  
Q.	PLEASE DISCUSS THE XXXXXXXXXXXXXXX OUTAGE THAT OCCURRED XXXXXXXXXXXXXXX TO XXXXXXXXXXXXXXX. 
A.	On XXXXXXXXXXXXXXX the XXXXXXXXXXXX unit experienced an outage due to the XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXX. The Company coded the outage using a NERC GADS cause code as XXXXXXXXXXX XXXXX. However, Staff sought clarification of whether the outage was actually an XXXXXXXXXXXXXXXXXXXXXXXXXXX and the Company responded that the outage was XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX  XXXXXX.[footnoteRef:63] This outage spanned XXX hours and resulted in a replacement power cost of $ XXXXXX. [63:  STF-JKA-4-24.] 

  Q.	WHAT IS STAFF’S RECOMMENDATION FOR THIS OUTAGE? 
A.	Staff recommends the fuel balance be reduced by $ XXXX for the fuel replacement cost associated with this XXXXXXXXXX outage considering that it was XXXXXXXXXXX XXXXXXXXXXXXXXXXXX as the Root Cause Analysis (“RCA”) stated. [footnoteRef:64]   [64:  Replacement Power cost from “MFRH-4.2 Attachment M TS.xlsx.”] 

Q.	PLEASE DISCUSS THE XXXXXXXXXXXXXXX OUTAGE THAT OCCURRED BETWEEN XXXXXXXXXXXXXXXXXXXXXXXXX. 
A.	On XXXXXXXXXX, the XXXXXXXXXXX Unit experienced an outage due to a Georgia Power XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXX XXXXXXXXXXXX.[footnoteRef:65] Staff requested clarification in discovery as to why the Company coded the outage an XXXXXXXXX rather than XXXXXXXX and the Company responded that the XXXXXXXXXXXXXX, was the party responsible XXXXXXXX.[footnoteRef:66] This outage should have been XXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXX. Even though XXXXXXXXXXXXXXX, the RCA stated that XXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXX XXXXXXXXXXXXXXXXXXXXXX.[footnoteRef:67] Again, even though XXXXXXXXXXXXXX XXXXXXXXXXXX, the Company XXXXXXXXXXXXXXXXXXXXXXXXXX. This outage spanned XXX hours and resulted in a replacement power cost of $XXXXXXXX. [65:  “MFRH-4.2 Attachment E TS.docx”]  [66:  STF-JKA 4-25.]  [67:  MFRH-4.2 Attachment E TS.docx.] 

  Q.	WHAT IS STAFF’S RECOMMENDATION FOR THIS OUTAGE? 
A.	Staff recommends the fuel balance be reduced by $ XXXXXXX for the fuel replacement cost associated with the XXXXXXXXXX outage considering that it was caused by XXXXXXXXXXXXXXXXX as the Root Cause Analysis (“RCA”) stated.[footnoteRef:68] [68:  Replacement Power cost from “MFRH-4.2 Attachment M TS.xlsx.”] 

Q.	PLEASE DISCUSS THE XXXXXXXXXXXXX OUTAGE THAT OCCURRED JANUARY 23, 2025 TO FEBRUARY 21, 2025. 
A.	On XXXXXXXXXXX, the XXXXXXXXXX unit experienced an outage due to X XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX. The Event Learning Report stated that XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXX.[footnoteRef:69] The Event Learning Report stated the XXXXXXXXXXXXXXXXX. The Company was asked specifically XXXXXXXXXX XXXXXXXXXXXXX and the Company responded, XXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXX.[footnoteRef:70] XXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXX. The Company noted that this incident led to XXX forced outage hours, with an estimated damage to equipment of $ XXXXXXXX, $ XXXXXXX of which was capitalized.[footnoteRef:71]   [69:  MFRH-4.2 Attachment G TS.pdf]  [70:  STF-JKA-4-26]  [71:   MFRH-4.2 Attachment G TS.pdf, p.3.] 

Q.	WHAT IS STAFF’S RECOMMENDATION FOR THIS OUTAGE? 
A.	Staff is not recommending a disallowance at this time as the Company found there was XXXXXXXXXXXXXXX associated with the outage. However, Staff recommends the Company provide an explanation in Rebuttal Testimony as to why there was XX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX XXX XXXXXXXXXXXXXXXXXXXX, which was an expensive month in the historical period.
Q.	WHAT IS STAFF’S RECOMMENDATION FOR A DISALLOWANCE RELATED TO THESE THREE OUTAGES? 
A.	Staff believes the Company was clearly imprudent associated with these outages and recommends a disallowance of approximately $ XXXXXXXX for the replacement power costs as shown in the following table and described below.
Table 13:  Avoidable Outage Replacement Power Costs
	
	Start
	End
	Replacement Power Cost [footnoteRef:72]  [72:  Replacement Power cost from “MFRH-4.2 Attachment M TS.xlsx.”] 


	XXXXXXXXXXXXX
	XXXXXXXXXXXXX
	XXXXXXX
	XXXXXXX

	XXXXXXXXXXXXX
	XXXXXXXXXXXXX
	XXXXXXX
	XXXXXXX

	XXXXXXXXXXXXX
	XXXXXXXXXXXXX
	XXXXXXX
	XXXXXXX

	Total
	
	
	XXXXXXX


Q.	PLEASE DISCUSS THE ADDITIONAL OUTAGES CAUSED BY OPERATOR AND CONTRACTOR ERRORS. 
A.	The following table indicates the number of outage events and outage hours that occurred over the historical period of January 1, 2023 through December 31, 2025 that were caused by operator or contractor errors. 
Table 14:  Outage Hours and Events During the Historical Period 
Due to Operator or Contractor Error[footnoteRef:73]   [73:  MFRH-4.2 TS.xlsx, Operator or Contractor Error determined by GADS code 9900, 9910, and 9920.] 

	Unit
	Forced Derate and Forced Outage Events
	Forced Derate and Forced Outage Hours

	Bowen 4
	XX
	XX

	McDonough 6
	XX
	XX

	McDonough 4
	XX
	XX

	McDonough 5
	XX
	XX

	McIntosh CC 11
	XX
	XX

	Scherer 3
	XX
	XX

	McIntosh CC 10
	XX
	XX

	Bowen 3
	XX
	XX

	Gaston 4
	XX
	XX

	Yates 6
	XX
	XX

	Gaston 1
	XX
	XX

	Yates 7
	XX
	XX

	Gaston 3
	XX
	XX

	Total
	XX
	XX


The table indicates that overall the number of these errors was small. In total there were XX operator or contractor error events, that lasted XX hours. This is very small when considering there are more than 26,000 hours in the period.   
Q.	DOES STAFF HAVE ANY CONCERN ABOUT THESE OUTAGES?
A.	The only possible issue is that multiple operator and contractor errors occurred at the same plant over the historical period, particularly at XXXXXXXX, which in the future the Company should strive to minimize. 
Q.	DID YOU ALSO REVIEW GEORGIA POWER’S FCR-27 HISTORICAL PERIOD FOSSIL UNIT PLANNED MAINTENANCE OUTAGES?
A.	Yes, we did. Planned outages are generally scheduled during periods when units are less needed (shoulder months) in order to perform required maintenance on units.[footnoteRef:74] Our investigation included reviewing planned outages that occurred during the historical period of FCR-27 and compared those to prior FCR proceedings (FCR-24 through FCR-26).  [74:  In contrast, forced outages result from unexpected events that require units to be removed from service immediately.  ] 

Table 15: Average Lost Generation Due to Planned Outages at Fossil Plants [footnoteRef:75] [75:   STF-JKA-1-1 Attachment A TRADE SECRET.xlsx, (excludes Nuclear and Hydro)] 

	 
	No. of Months in FCR Period
	No. of Outages >500,000 MWH

	Avg Lost Gen. Per Planned Outage (MWH)


	FCR-24 
	XX
	XX
	XXXXXXX

	FCR-25 
	XX
	XX
	XXXXXXXX

	FCR-26 
	XX
	XX
	 XXXXXXXX

	FCR-27
	XX
	XX
	 XXXXXXXX


Q. 	WHAT DID YOU EVALUATE REGARDING PLANNED MAINTENANCE OUTAGES?  
A. 	Our planned maintenance outage evaluation focused on the number of major planned outages that were greater than 500,000 MWH.  For each of those outages, we calculated the average amount of lost generation per outage, and we compared results for FCR-27 to similar results for each FCR historical period going back to FCR-24.  
Q. 	PLEASE DESCRIBE THE RESULTS SHOWN IN THE TABLE.
A. 	The second column contains the total number of planned outages that resulted in lost generation greater than 500,000 MWH. The average generation lost per planned outage has increased since FCR-26 and is the XXXXXX average since FCR-20. Aging generating units in the fleet could require more planned outages with more extensive maintenance to be done. Staff recommends the Company provide additional explanations in rebuttal testimony of why the planned outages have increased so significantly.
[bookmark: _Toc226620007]Transmission Outages
Q.	DID YOU ALSO REVIEW GEORGIA POWER’S FCR-27 HISTORICAL PERIOD TRANSMISSION OUTAGES AND CONGESTION IMPACTS?
A.	Yes, Staff reviewed FCR-27 historical period transmission outages and congestion based on information provided in MFRH 4.4 and primarily focused on the duration of the reported events, replacement power costs, and the provided transmission outage/congestion descriptions. Staff also reviewed the root cause analysis for all transmission outages that lasted longer than 10 days and vegetation management reports for transmission line segments with more than 10 outages during the review period.   There did not appear to be any excessively long transmission outages or congestion that resulted in significant replacement power costs, however Staff notes there were impacts to various solar facilities. Specifically, local transmission area issues impacted the XXX XX solar XXXXXXXXXXXXXX Solar XXXXXXXXXXXXXXXXXX facilities during the historic period.[footnoteRef:76] Additionally, local transmission area work impacted XXXX XXXXXXXXXXXXXXX and XXXXXXXXXXXXXXXX.[footnoteRef:77]   [76:  STF-JKA-5-24 Attachment TRADE SECRET indicates the XXXXXXXXXXXXXXXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX X XXXXXXXXXXXXXXXX]  [77:  STF-JKA-5-24 indicates that the XXXXXXXXXXXXXX XXXXXXXXXXXXXXXXXXXX XXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX.] 

[bookmark: _Toc226620008]Winter Storm Impacts
Q.	DID STAFF REVIEW HOW THE COMPANY’S SYSTEM PERFORMED DURING FCR-27 HISTORIC PERIOD WINTER STORMS?
A.	Yes. The Company provided a load and resource assessment for each historic month describing unavailable generation and reserve margin for peak hours. The following table summarizes the generator performance in peak winter hours.
Table 16: Winter Peak Hour Reserve Margin [footnoteRef:78] [78:  STF-JKA-1-43 Attachment Supplemental TRADE SECRET.xlsx (3/30/2026).] 

	Peak Hour
	GPC peak hour load 
	GPC Retail Capacity
	Reserves 
(Capacity - Load)
	Unavailable Generation
	Reserve Margin Total Generation
	Reserve Margin Available Generation

	EPT HE
	(MW)
	(MW)
	(MW)
	(MW)
	%
	%

	1/24/2023 8:00
	14,035
	19,661
	5,626
	XX
	40.09%
	XX

	1/17/2024 8:00
	16,458
	19,874
	3,416
	XX
	20.76%
	XX 

	1/24/2025 8:00
	15,957
	20,632
	4,676
	XX
	29.30%
	XX


January 2025 was the most expensive month in the historic period, and compared to January 2023 and 2024, had the highest amount of unavailable generation. The following table provides a breakdown of the resource type and plant impacted in each winter hour.
Table 17: Winter Peak Hour Generation Unavailable (MW) [footnoteRef:79] [79:  STF-JKA-3-3 Attachment A TRADE SECRET.xlsx.] 

	Type
	Resource
	2023
	2024
	2025

	Coal
	XX
	XX
	XX
	XX

	Coal
	XX
	XX
	XX
	XX

	Combined Cycle
	XX
	XX
	XX
	XX

	Combustion Turbine
	XX
	XX
	XX
	XX

	Combustion Turbine
	XX
	XX
	XX
	XX

	Combustion Turbine
	XX
	XX
	XX
	XX

	Hydro
	XX
	XX
	XX
	XX

	Nuclear
	XX
	XX
	XX
	XX

	Nuclear
	XX
	XX
	XX
	XX

	Grand Total
	
	XX
	XX
	XX


The XXXXXXXXXX outages from January 2025 and the XXXXXXXXXX outage from January 2024 were examined in detail, and Staff’s recommended disallowances are discussed above.
Q.  	HAS THE COMPANY IDENTIFIED ANY MEASURES IT HAS OR PLANS TO UNDERTAKE TO REDUCE THE RISK OF FUTURE GENERATOR OUTAGES CAUSED BY EXTREME WINTER WEATHER EVENTS?
A.	The majority of the outages in the winter peak did not appear to be winter weather related, however the Company continues to work to investigate and improve equipment that could be impacted by winter storms. The Company states that it has completed the majority of planned work for compliance with NERC standards, with only minor work remaining.  The Company has also added radiant heaters to inverter housing at Georgia Power’s solar sites at Robins, Fort Stewart, and Fort Gordon.[footnoteRef:80] [80:  STF-JKA-5-23] 

[bookmark: _Toc226620009]Carrying Costs
Q.	DID THE COMMISSION PREVIOUSLY AUTHORIZE THE COMPANY TO RECOVER CARRYING COSTS ON UNDER-RECOVERED FUEL COST BALANCES?
A.	Yes. In Docket No. 17066 the Commission approved the accrual of carrying costs, calculated based upon Georgia Power’s short-term debt rate applied to the under-recovered balance, net of accumulated deferred income taxes, above the first $15.0 million.     
Q.	DID YOU REVIEW THE COMPANY’S CARRYING COST CALCULATION?
A.	Yes. MFRH-15 shows the computation of monthly carrying costs based on Georgia Power’s actual average short-term debt rates during the historical period. Historically before the COVID-19 pandemic, the Company had relied upon commercial paper to meet most of its short-term debt needs.[footnoteRef:81] According to the Company, COVID-19 caused a period of significant stress in the financial markets, including very little liquidity supply in the commercial paper market.[footnoteRef:82] Beginning at that time in 2020 and continuing for much of the time through May 2025, the Company reported that it relied more heavily on large amounts of short-term bank term loans and uncommitted credit lines in addition to commercial paper. This reliance was compounded by the large longer-term under-recovered fuel cost balances that exceeded $2 billion by the start of the historical period. For example, the Company reported that “given the size of the under-recovered fuel balances accumulated throughout 2022, the Company entered a $1.2 billion syndicated short-term bank loan in November 2022 to support carrying the large under-recovered balance on the balance sheet.”[footnoteRef:83] This one loan in particular carried many differing balances until it was finally converted to long-term debt in June 2025.[footnoteRef:84]  These kinds of short-term financial transactions typically carry higher interest rates than commercial paper.  [81:  Response to STF-JKA-3-34 (a) and (b)]  [82:  Id.]  [83:  Response to STF-JKA-3-34 (c)]  [84:  Id.] 

		The short-term bank loans were priced at the 1-month Secured Overnight Finance Rate (“SOFR”) with a credit spread and the more limited uncommitted credit line during the historical period was priced at a rate agreed upon between the bank and the Company. The Company forecasts its short-term debt rates for the forecast period by using the Bloomberg SOFR forward curve forecast and adding a spread of 50 basis points to act as a reasonable proxy for commercial paper rates it expects to obtain.[footnoteRef:85] As long as the spread being added to SOFR approximates 50 basis points for the short-term bank notes, average interest rates have traditionally been close to commercial paper rates. Some of the short-term bank notes during the historical period were based on the SOFR + 50 basis points spread. However, the Company also had to agree to pay spreads of as high as 80 to 105 basis points with some institutions in order to obtain the high levels of short-term financing with longer terms required to finance the large under-recovered fuel cost balances during that period.[footnoteRef:86] Once the under-recovered fuel cost balances were lowered to levels under $1 billion midway through 2025, Georgia Power reported it was able to once again begin utilizing only commercial paper to serve its short-term financing needs.[footnoteRef:87]    [85:  Response to STF-JKA-1-29]  [86:  Response to STF-JKA-3-33]  [87:  Response to STF-JKA-3-34 (e)] 

		The short-term debt rate was relatively higher during most of the historical period as compared to prior periods. The average short-term debt rates applied to net under-recovery balances averaged 5.40% over the entire historical period. Due to Georgia Power’s reliance on the alternative short-term financial transactions, the average short-term rates were mostly higher than the 30-day A2/P2 Nonfinancial Commercial Paper average interest rates, as seen in Figure 5 below.[footnoteRef:88]  [88:  Federal Reserve Bank of St. Louis, Federal Reserve Economic Data, 30-Day A2/P2 Non-Financial Commercial Paper Interest Rate, https://fred.stlouisfed.org. ] 

Figure 5: GPC Debt Rate vs. Commercial Paper
[image: ]
This was especially the case when the outstanding debt in any one month was more representative of the notes with credit spreads exceeding 50 basis points such as in May 2024, October 2024, and April 2025. When the cumulative fuel balance is over-recovered, ratepayers receive a credit for carrying costs, and when the balance is under-recovered, ratepayers receive a charge for carrying costs. Overall during the historical period, net carrying costs charged to customers amounted to $184.7 million. Had carrying costs been computed based only on the 30-day A2/P2 Nonfinancial Commercial Paper average interest rate each month, customers would have been charged only $176.5 million, a reduction of $8.2 million. Ratepayers should not be held entirely responsible for Georgia Power’s reported need to utilize high levels of short-term bank term loans with higher interest rates during the historical period.[footnoteRef:89] There were some months when the level of commercial paper exceeded $800 million, while there were others in which no commercial paper was utilized.[footnoteRef:90] From the Trade Secret MFR workpapers included in the Company’s filing, it appears that the Company issued commercial paper with terms of XXXXX or less in all circumstances.[footnoteRef:91] [89:  Response to STF-JKA-3-34(c)]  [90:  Response to STF-JKA-3-35]  [91:  Refer to MFRH-15 Attachment (TRADE SECRET)] 

		Staff believes that some level of short-term bank loans was reasonable as Georgia Power needed short-term financing for 2023 and 2024 until the unrecovered fuel costs balance was paid down. Staff understands that there is no guarantee that commercial paper would be available or at favorable terms when it needed to be renewed, so it would be unreasonable to rely solely on commercial paper at such high levels. However, the Company should have utilized longer term commercial paper (60 days or 90 days) to reduce some of the higher cost bank loan borrowings during the period. There were eight months in the historical period in which the carrying costs were especially higher than they would have been utilizing the 30-day A2/P2 Nonfinancial Commercial Paper benchmark. The excess interest expense in those eight months amounts to $3.8 million and is an example of the Company’s inefficiency resulting in higher fuel cost for ratepayers.    
[bookmark: _Toc226620010]Purchased Power
Q.	DID STAFF REVIEW PURCHASED POWER CONTRACTS AS APPROPRIATE FOR FUEL COST RECOVERY?  
A.	Yes.  Staff reviewed the summary of each purchased power agreement contract provided with MFRH-13.2. The Company asserted it only charged costs related to fuel and energy, as demand related charges are recoverable through base rates.[footnoteRef:92] For example, the Company entered into a capacity agreement with Mississippi Power Company (“MPC”), which began January 1, 2024.  The Company stated the energy associated with the MPC purchase flows through as pool purchases.[footnoteRef:93]  The Company also provided pool settlement data in MFRH-13.1, which includes details related to Fuel Payments received from the Pool and Fuel Payments made to the Pool, which did not appear to include Capacity related charges.  [92:  STF-PIA-3-2 and STF-PIA-3-3]  [93:  STF-JKA-2-32] 

[bookmark: _Toc226620011]Opportunity Sales
Q.	PLEASE DESCRIBE YOUR INVESTIGATION REGARDING OPPORTUNITY SALES.   
 A.	Staff examined the level of profits shared between the Company and customers.  Currently, the Company is entitled to keep 25% of the profits.[footnoteRef:94]  During FCR-27 historic period, the total profits the Company achieved from making these sales was $26.4 million, with $20.5 million going to ratepayers, after accounting for adjustments, hedging impacts, and Company profits.[footnoteRef:95] On a projected basis, the Company anticipates reduced opportunity for such sales, as shown in NHSW-5. Staff does not oppose continuing the sharing mechanism at this time.   [94:  See the Commission's 1989 Order in Docket 3840.   ]  [95:  STF-JKA-1-15 and STF-JKA-3-26, which notes a correction related to a June 2023 capacity sale. ] 

1. [bookmark: _Toc226620012]    PROJECTED TEST PERIOD REVIEW
[bookmark: _Toc226620013]Natural Gas Price Forecast Assumptions  
Q.	PLEASE DISCUSS GEORGIA POWER’S FCR-27 NATURAL GAS PRICE FORECAST THAT WAS USED IN DEVELOPING ITS PROJECTED RATE.
A.	The natural gas price forecast (B2026 forecast) that Georgia Power used to produce its fuel budget projection was developed in August 2025. 
Q.	HAS STAFF EVALUATED THE COMPANY’S GAS PRICE FORECASTS IN LIGHT OF RECENT MARKET DATA?
A.	Yes, Staff has reviewed the Company’s B2026 forecast that underpins the filing. Staff provides the following graph that compares the Company’s B2026 forecast to a more recent NYMEX projection from April 1, 2026. 
Figure 6: Gas Forecast vs. NYMEX[footnoteRef:96] [96:  “MFRP-6.4 TS.xlsx” and NYMEX values from April 1, 2026.] 


	The most recent NYMEX projection is close to the Company’s projection for the entire period, though some of the time, the NYMEX projection is a little above the Company’s forecast, and part of the time the NYMEX projection is a little below the Company’s forecast. The differences in the projections do  not appear to be significant.
[bookmark: _Toc226620014]Fuel Projection Generation Mix
Q.	HOW WILL GEORGIA POWER’S PROJECTED MIX OF GENERATION CHANGE OVER TIME?
A.	The following table compares the percentage of generation energy by resource type that are projected to supply the forecast load during the FCR-27 projected period.  The table also includes actual historical data for 2023, 2024, and 2025 for comparison purposes.
Table 18: Projected Fuel Source Comparison (% Generation) [footnoteRef:97] [97:  Actual values were obtained from “MFRH-2 TS.xlsx” and Projected values were obtained from “MFRP-1 FCR-27 Budget TS.xlsx.”] 

	
	% Generation Energy

	
	Actual 2023
	Actual 2024
	Actual 2025
	Projected
Jun 26- May 27
	Projected
Jun 27 - May 28
	Projected
 Jun 28 - May 29

	Natural Gas
	33.1%
	30.1%
	26.5%
	27.1%
	24.7%
	23.8%

	Coal Steam
	12.8%
	13.0%
	13.7%
	16.4%
	15.1%
	15.2%

	Nuclear
	20.3%
	23.9%
	23.6%
	23.1%
	20.3%
	17.7%

	Purchased Power
	23.9%
	21.7%
	24.2%
	19.9%
	27.8%
	31.7%

	Hydro
	1.4%
	1.3%
	1.4%
	1.3%
	1.1%
	1.0%

	Solar
	5.2%
	6.9%
	7.8%
	9.3%
	8.6%
	8.6%

	Biomass
	2.5%
	2.4%
	2.1%
	2.5%
	2.2%
	2.0%

	Wind
	0.8%
	0.7%
	0.7%
	0.5%
	0.4%
	0.4%

	BESS
	0.0%
	0.0%
	0.0%
	-0.1%
	-0.2%
	-0.3%

	Total
	100.0%
	100.0%
	100.0%
	100.0%
	100.0%
	100.0%


	The table indicates that the amount of coal generation use actually increases a small amount over time, likely because of growing retail load. Natural Gas appears to be declining while Purchase Power is increasing, but that does not necessarily mean that natural gas resources are becoming less utilized, as much of the purchase power will come from natural gas based resources. The fact that the nuclear energy percentage declines relates to the fact that nuclear energy is maxed out already, and therefore as load grows the percentage of nuclear energy in the mix will decline. 
The following figure provides the generation composition on an energy (GWh) basis.  It indicates that to meet growing energy requirements, the Company expects it will rely on additional purchased power, in addition to increased generation from coal and natural gas generation.
Figure 7: Projected Fuel Source Comparison (GWh)


The increase in purchase power is predominately driven by increasing reliance on pool purchases and the Southern Power PPAs (Harris and Wansley) as shown in Exhibit NHSW-5.  Reliance on purchase power beyond the 24-month historic period increases risks of market cost exposure.
[bookmark: _Toc226620015]Renewable Procurement Costs

[bookmark: _Hlk131329885]Q.	ARE THE COSTS OF RENEWABLE ENERGY PROGRAMS INCLUDED IN FCR RATES?
A.	Yes. The following table describes the various renewable programs and costs the Company expects to incur between June 2026 - May 2028.
Table 19: Renewable Program Costs
Projected Period (June 2026-May 2028)

	Revenues / (Costs)
	 Program Revenues 
	 Labor Expenses 
	 Other Expenses 
	 REC expenses 
	 Additional Sum, Transmission & Renewable Integration 
	 TOTAL 

	Simple Solar Program 
	XX
	XX
	XX
	XX
	XX
	XX

	Flex RECs Program
	XX
	XX
	XX
	XX
	XX
	XX

	REDI C&I Program 
	XX
	XX
	XX
	XX
	XX
	XX

	CRSP Program
	XX
	XX
	XX
	XX
	XX
	XX

	CARES Program 
	XX
	XX
	XX
	XX
	XX
	XX

	CARES DG Program
	XX
	XX
	XX
	XX
	XX
	XX

	CARES (Residential Solar)
	XX
	XX
	XX
	XX
	XX
	XX

	Retail REC Retirement (R3) 
	XX
	XX
	XX
	XX
	XX
	XX

	Behind the Meter Program
	XX
	XX
	XX
	XX
	XX
	XX

	Distributed Generation
	XX
	XX
	XX
	XX
	XX
	XX

	Utility Scale
	XX
	XX
	XX
	XX
	XX
	XX

	Additional Expenses (555)
	XX
	XX
	XX
	XX
	XX
	XX

	Total Renewable Programs  
	XX
	XX
	XX
	XX
	XX
	XX

	RFP related [footnoteRef:98]  [98:  STF-JKA-2-29 b.] 

	XX
	XX
	XX
	XX
	XX
	XX


For Renewable Energy Certificate (“REC”) programs, the Company used the 2025 actual costs as basis for the projection, and assumed a 3% escalation each year.[footnoteRef:99]   [99:  STF-JKA-2-31.] 

Q.	DID THE COMPANY IDENTIFY PROCUREMENT RELATED COSTS FOR RENEWABLE ENERGY AS A COST TO BE RECOVERED THROUGH THE FCR?
A.	Yes. The Company requested the Commission authorize Georgia Power to recover all Renewable RFP (utility scale and distributed generation) and renewable subscription program-related costs not otherwise recovered by the Company through Bid Fees and Winner’s Fees, through the fuel clause. The Company currently expects costs of all renewable programs to exceed revenues by XXXXXXXXXXXXXXXXX over the 24-month projected period, as shown in the table above.
Q.	WHAT IS STAFF’S RECOMMENDATION REGARDING RENEWABLE ENERGY PROGRAM COSTS THAT EXCEED REVENUES BEGINNING JUNE 2026?
A.	Excess costs should be placed in a regulatory asset for consideration by the Commission in the next base rate case. In the 2022 IRP Stipulation, Parties anticipated “Bid and winners’ fees will be set to recover the total cost of procurement for the RFP solicitation.”[footnoteRef:100] Future treatment of Renewable Energy Program costs, including Company labor, should be addressed in the next base rate case. [100:  2022 IRP Stipulation Item 22, DG RFP] 

Furthermore, the Company should specifically itemize revenues and the costs related to administration of renewable programs and RFPs using the same metrics for both the historical and projected periods, such that the projected amounts can be readily compared to historical period amounts on a one-to-one basis.[footnoteRef:101] Staff recommends the Company provide a side by side comparison of the net renewable costs from the historic period and the projected period quantifying the impact of the Company’s Renewable RFP cost recovery request in the context of total program costs and revenues in Rebuttal Testimony.   [101:  STF-JKA-2-30 and STF-PIA-5-1.] 

[bookmark: _Toc226620016] 	OTHER ISSUES
[bookmark: _Toc226620017]Economic Development and Large Loads
Q.	HAVE YOU EVALUATED LARGE LOAD GROWTH IMPACT ON THE PROJECTED PERIOD?
A.	Yes. The Company anticipates a significant amount of new large load will be added to the Company’s load requirement over the FCR projection period. The following figure shows the projected growth in Commercial Large Data Center Load by month. This category of load is anticipated to increase steadily over time and will be about XXXXXX greater by May 2028.
Figure 8: Large Load in FCR Projection[footnoteRef:102] [102:  STF-JKA-1-27.] 


Staff assessed the impact of this additional load by removing it from the Company’s modeling database and then Aurora was re-run. The following table compares the portfolio level (Georgia Power assigned) average cost derived from the Aurora projection with and without this high load factor customer load.
Figure 9: Projected Impact of Large Loads
 
		The additional large load drives up the average fuel cost ($/MWh) in each month by approximately 5 - 11% in 2028, and the difference increases over time as more large load is added to the system. An increased amount of purchases, natural gas and coal-fired generation is required to serve the additional data center load. Specifically, the total increase of generation appears to be driven by a few plants, including purchases from XXXXXXXXXXXXXXXXXXX, as well as Company generation from XXXXXXXXX XXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXXX X XX.[footnoteRef:103] [103:  Staff estimated values from Aurora results.] 

Q.	HOW WILL LARGE LOAD CUSTOMERS CONTRIBUTE TO PAYING FOR THE FUEL COST RECOVERY?    
A.	The Company explained how large load customers will contribute to paying for the fuel cost recovery as follows:
[M]uch of the KWh sales from these large load customers is priced at RTP. For RTP load, a large load customer’s fuel contribution reflects the marginal costs incurred by the Company in each hour. Further, large load customers bear the risk of higher fuel prices and are assessed those costs directly during higher cost hours. Thus, large load customers will bear the appropriate cost responsibility in each hour for the fuel cost they impose on the Company […] [footnoteRef:104] [104:  Direct Testimony of Adam D. Houston and Matthew S. Berrigan, p. 18, ll. 1-8	] 


The Company acknowledged the growth of RTP load corresponding to new economic development load and asserts RTP customers pay a fair share of the fuel costs. 
Q.	PLEASE PROVIDE A BRIEF OVERVIEW OF RTP.
A.	An RTP customer is charged an RTP price ($/MWh) in each hour for the amount of energy (MWhs) that is consumed above a threshold amount, as established in the customer’s contract with Georgia Power.[footnoteRef:105] The RTP revenues the Company receives are credited as either fuel revenues or base revenues. The Company explains: [105:  The threshold is referred to as the Customer Base Line (CBL). The CBL can vary from customer to customer. ] 

A portion of that component of RTP price, the average marginal fuel cost of all Georgia Power units running in each hour, covers fuel costs and is accounted for as fuel revenue. The difference between lambda and the allocated fuel revenue covers two pieces: generation variable O&M and capital substitution. The capital substitution contribution covers additional fixed costs associated with resources that support lower fuel costs, including capital costs for baseload generation and firm transportation (FT).[footnoteRef:106] [106:  STF-JKA-1-7 part d.] 


For purposes of this proceeding Staff focused on the amount of RTP revenues credited to the fuel balance rather than the RTP rate charged to RTP customers.
Q.	HOW DO HISTORICAL FUEL CREDITS ASSOCIATED WITH THE RTP LOADS COMPARE TO AVERAGE FUEL COST FOR THE SYSTEM?
A.	The following table compares the average RTP fuel credit to the average fuel cost incurred by month through the historic period (January 2023-December 2025).[footnoteRef:107] [107:  Supply Costs includes owned generation and purchased power costs, but excludes hedging, carrying costs,  renewable programs, and other miscellaneous adjustments.] 

Table 20: RTP Fuel Credit vs. Avg. Fuel Cost $/MWh [footnoteRef:108] [108:  STF-JKA-3-8 (MWh), STF-JKA-3-4 (Fuel Credit), MFRH-2 TS.xlsx (Supply Costs $/MWh).  ] 

2023
Jan
Feb
Mar
Apr
May
Jun
Jul
Aug
Sep
Oct
Nov
Dec
Avg.
Fuel Cost (Supply)
XXX
XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

RTP Fuel Credit
XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

Delta
$0.45
$4.95
$8.47
$7.40
$11.06
$12.39
$15.12
$9.14
$6.19
$8.53
$7.78
$8.52
$8.55
2024
Jan
Feb
Mar
Apr
May
Jun
Jul
Aug
Sep
Oct
Nov
Dec
Avg.
Fuel Cost (Supply)
XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

RTP Fuel Credit
XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

Delta
$11.86
$1.62
$7.57
$12.80
$11.59
$11.99
$9.92
$6.85
$8.17
$7.91
$6.66
$8.68
$9.06
2025
Jan
Feb
Mar
Apr
May
Jun
Jul
Aug
Sep
Oct
Nov
Dec
Fuel Cost (Supply)
XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

RTP Fuel Credit
XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

XXX

Delta
$15.35
$4.28
$11.92
$8.87
$8.09
$9.71
$8.06
$3.08
$6.85
$6.54
$7.32
$8.35
$8.36

The average RTP fuel revenue rate credited to fuel revenues was below the average fuel cost in every month of the historic period, and on average the average RTP fuel credit to fuel revenues was approximately $9/MWh less than average supply rate each year. This indicates that on average, RTP customers may be paying less for fuel than non-RTP customers.[footnoteRef:109]   [109:  The annual impact could be near $200 million if assuming 20 million MWh of RTP load and a $10/MWh differential between fuel credit and average fuel cost.] 

Q.	WHAT IS STAFF’S RECOMMENDATION REGARDING THE DISCREPANCY BETWEEN FUEL COST INCURRED AND THE RTP FUEL CREDIT?
A.	Staff is concerned the RTP fuel credit may not be sufficient, and recommends the Commission open a docket to further investigate this issue.  An RTP customer is assessed an RTP price every hour in which its load exceeds its customer baseline. The amount of fuel revenues credited to the fuel balance is derived based on the average “marginal” cost of Georgia Power owned generation, pool purchases, and PPAs, for each hour. [footnoteRef:110] The amount of the credit in an hour can be higher than the average fuel cost in the hour if marginal fuel prices are high and incremental generation costs are expensive. Conversely, the hourly credit may be lower than the average fuel cost if efficient units are available for dispatch and under-utilized by the existing load.  Given the hourly granularity driving RTP revenues and RTP fuel revenue credits, significant amounts of hourly load and dispatch data need to be analyzed to develop an understanding of whether the RTP revenues credited to fuel revenues is sufficient and reasonable. Additional discussion about the RTP mechanism is provided below.  [110:  STF-JKA-1-7.] 

[bookmark: _Toc226620018]Real Time Pricing
 Q.	IS STAFF CONCERNED ABOUT THE RTP FUEL CREDIT METHODOLOGY?
A.	Yes. Recognizing that large RTP loads are growing significantly, Staff wants to ensure that a reasonable amount of the RTP revenues are being credited to fuel revenues. Staff is particularly concerned about the treatment of FT costs and the way those are being credited to the fuel recovery balance. FT costs incurred by the Company are considered a fuel cost and recovered through the FCR. However, the RTP revenue credit methodology does not assume an assignment of RTP revenues for FT costs to the FCR.[footnoteRef:111]   [111:  STF-JKA-1-7 part d.] 

Q.	DO YOU HAVE SPECIFIC CONCERNS REGARDING FT COSTS AS IT RELATES TO RTP CUSTOMERS?
A.	Yes. FT costs are passed to customers through the FCR balance, but it does not appear that RTP revenues are used to offset FT costs based on the current RTP credit methodology.[footnoteRef:112] It is unclear how FT costs are recovered through the reliability/capacity/lambda portion of the RTP charge to customers, but it is clear that those FT related collections are not credited back to the FCR balance.[footnoteRef:113] This appears to indicate that RTP customers relying on system capacity, some of which would require FT, do not pay for FT costs. Staff recommends that the Company provide a thorough explanation of this possible discrepancy in rebuttal testimony, and in the future, modify the RTP credit methodology to include an FT cost component calculated similar to the capacity or transmission components. This would ensure that fixed capacity-related FT costs are shared by all load served during peak events. [112:  STF-JKA-3-4]  [113:  STF-PIA-3-11 part c (transmission) and d (reliability capacity) indicate that none of the transmission or reliability capacity costs collected in RTP rates are assigned to the FCR as RTP fuel revenue.] 

Q.	HOW ARE THE CAPACITY AND TRANSMISSION COMPONENTS DERIVED?
A.	The Company explained that it recovers transmission and capacity costs in RTP rates over a limited number of peak hours, so that the RTP load online during peak events pay for capacity and transmission costs required to serve load in peak hours.[footnoteRef:114] FT is used to support the capacity available in all summer and winter reliability hours and supports all firm customer load (including RTP customer load).  For the historic period, Staff has estimated that the RTP credit methodology resulted in a potential shortfall of approximately $57.6 million that should have been credited to fuel. The following table provides the historic period annual FT costs and a ratio allocation based on the historic RTP customer load in the peak (summer) hour.  [114:  STF-JKA-1-5, “For the reliability capacity costs, the respective amount is included when system loads are greater than the 50th highest forecasted load for the year. These costs are designed to be recovered over these 50 hours in a weather normal year. For the transmission capacity costs, the respective amount is included when system loads are greater than the 300th highest forecasted load for the year, adjusted for ambient temperature. These costs are designed to be recovered over these 300 hours in a weather normal year.”] 

Table 21: FT Costs and RTP Load at Summer Peak (Historic) 
	Year
	FT Cost [footnoteRef:115] [115:  MFRH-2 TS.xlsx] 

($million)
	RTP
MW [footnoteRef:116] [116:  STF-JKA-3-8.] 

	GPC Summer Peak [footnoteRef:117] [117:  STF-JKA-1-8.] 

	RTP % (estimated) 
	RTP % FT ($million)

	2023
	XXX
	XXX
	XXX
	XXX
	XXX

	2024
	XXX
	XXX
	XXX
	XXX
	XXX

	2025  
	XX
	XXXXX[footnoteRef:118] [118:  STF-JKA-1-4 Attachment B supplemental was provided 3/30/2026 providing correction to RTP load in this hour at XXX MW. ] 

	XXXXXX

	XXX

	XXX


	Total
	XXX

	
	
	
	$57.6


Q.	DOES STAFF HAVE ANY OTHER CONCERNS REGARDING THE RTP CREDITING METHODOLOGY? 
A.	Yes. Staff is also concerned that take-or-pay contracts may not be included in the average marginal cost calculation used to set the RTP revenue credit price.[footnoteRef:119] The Company’s approved fuel credit methodology implies that all generation and purchases used to serve Georgia Power load is averaged together to determine average marginal fuel cost each hour. Given these purchase contracts were used to serve load during the hour, it follows that these contracts should be included in the calculation average fuel cost. The Company confirmed that not all generation is included in the average.[footnoteRef:120] It appears that if the approved methodology requires the marginal fuel expense of all generation resources in a given hour be included when calculating RTP credit to fuel balance, then the most expensive take-or-pay contracts should be included as well. Staff has not estimated the impact of the inclusion of these contract costs, as it requires review of the hourly unit dispatch data for each historic hour, which was not available at the time of preparing this testimony. This analysis would be included in the investigation recommended by Staff.[footnoteRef:121] [119:  STF-JKA-6-1 (Pending).]  [120:  STF-PIA-3-14.]  [121:  STF-JKA-6-1 (Pending).] 

Q.	WOULD MODIFYING THE RTP CREDIT METHODOLOGY TO ALLOCATE RTP REVENUES TO FUEL RECOVERY BALANCE AFFECT THE COSTS CHARGED TO RTP CUSTOMERS?
A.	No.  The issue relates to what RTP revenues are credited to the fuel bucket, not the rate RTP customers are charged. Furthermore, Staff’s proposed credit adjustments relate to the crediting methodology that was changed going back to the Company’s 2010 rate case: 
[T]he Company is also proposing to change its accounting methodology for crediting the Fuel Cost Recovery (“FCR”) account from RTP usage.  At present RTP credits the fuel account at current FCR rates.  The Company is proposing to use an average hourly marginal replacement fuel cost to credit the fuel account.  This average hourly marginal fuel cost will be based on all Georgia Power generating units running in each hour plus power pool purchases or deliveries in each hour.[footnoteRef:122] [122:  STF-JKA-3-10 Attachment A (Docket 31958, Direct Testimony of Gregory Roberts, p. 12, ll. 17-24).] 


The Company describes the 2010 rate case approved methodology as reasonable, but it is unclear if the specific treatment of whether take-or-pay contracts would be considered a Georgia Power generating unit or “delivery” in the hour for purposes of setting the credit amount.
Q.	DOES STAFF HAVE ANY OTHER CONCERNS REGARDING THE RTP CUSTOMERS? 
A.	Yes. Staff is concerned about the projected growth in RTP customer sales over the next few years, specifically new data center load expected to take service on such rates. The following table shows the RTP sales trend through the historic and projected period.  
Table 22: RTP Sales (MWh) [footnoteRef:123] [123:  MFRP-1 FCR-27 Budget TS.xls  tab: RTP (Projected) and STF-JKA-3-8 (Historic)] 

	Year
	RTP Sales

	2023 (Historic)
	XXXXXX

	2024 (Historic)
	XXXXXX

	2025 (Historic)
	XXXXXX

	2026 (Projected)
	XXXXXX

	2027 (Projected)
	XXXXXX

	2028 (Projected)
	XXXXXX


Q.	DOES STAFF HAVE AN ADDITIONAL RECOMMENDATION TO ADDRESS THE SIGNIFICANT GROWTH? 
A.	Yes. Staff recommends that the Commission open a docket to further assess RTP matters. Much of the hourly data to perform RTP analysis is voluminous, and additional time to consider the mechanics in light of specific actual and forecasted data may be warranted. Staff continues to recommend additional investigation into the RTP fuel credit methodology to assess this cost dynamic and future impacts associated with growing RTP customer load in the projected period.
Q.	HAS THE COMMISSION INVESTIGATED RTP RELATED RATE ISSUES IN THE PAST IN A SEPARATE PROCEEDING?
A.	Yes. As noted by the Company in response to discovery, the Commission examined the RTP rates in Docket 11708 and issued an order in April 2000. At the time, issues related to the fuel account crediting, risk adders, and the relative relationship between embedded generation costs and fuel rates were examined. Given the magnitude of the growth in RTP load, Staff believes another examination of RTP related issues is warranted. 
[bookmark: _Toc226620019]Natural Gas Price Hedging Program
Q.	WHAT DID THE COMPANY STATE IS THE PURPOSE OF ITS NATURAL GAS HEDGING PROGRAM?
A.	The Company fuel hedging procedures state “the objective of its natural gas hedging program is to use financial hedging tools to dampen the impacts of upside price volatility, with an emphasis on cost stability and volatility reduction based on information available at the time the decisions were made, rather than achieving the lowest possible realized fuel cost in hindsight.”[footnoteRef:124] [124:  STF-JKA-2-3 Attachment B.] 

Q.	DID THE HEDGING PROGRAM “DAMPEN THE IMPACTS OF UPSIDE PRICE VOLATILITY” DURING 2023 - 2025?
A.	No. Figure 2 above shows four spikes in physical natural gas prices in January 2024, January 2025, March 2025 and December 2025. The three significant natural gas spikes that occurred during the historic period were associated with Winter Storm Heather in January 2024, Winter Storm Cora in January 2025, and Winter Storm Enzo in February 2025. Notably the Company’s hedging program resulted in losses of $XXXXXXX, $XXXXXXX, and $ XXXXXXX in those months. In fact, the Company only had XXXX month in the historic period with a hedging gain.[footnoteRef:125] The hedging program did not mitigate or offset higher natural gas costs in three of the four months. In those three months losses on the hedging program increased fuel cost. [125:  MFRH-10 Attachment TS] 

Q.	IS NATURAL GAS HEDGING PROGRAM NECESSARY TO PROVIDE STABLE FUEL RATES FOR CUSTOMERS?
A.	No. The mechanism for providing stable fuel rates is accumulating under collection or over collection of fuel revenues relative to fuel cost in a separate fuel balance. The fuel balance is amortized evenly over time. The Company receives carrying cost on the fuel balance. Carrying cost represents the cost of obtaining stable fuel rates that do not fluctuate with changes in fuel cost from month to month.
Q.	DID THE CUSTOMERS BENEFIT FROM THE COMPANY’S HEDGING PROGRAM OVER THE HISTORIC PERIOD?
A.	No. The Company reported over $273 million dollars in losses during 2023-2025.[footnoteRef:126] This equates to a loss of about $X/MMBTU for all options during the historic period and $XXXX/MMBTU for all swaps during the historic period. In total the Company’s hedged volume over the historic period was XXXXXXX MMBTU losing an average of XXXXXXXXX hedged.[footnoteRef:127] The Company hedged on average about 32 percent of their projected burn volume for the historic period 2023 -2025.  [126:  MFRH-10 Attachment TS.]  [127:  STF-JKA-2-3 Attachment A TRADE SECRET] 

Q.	WHAT IS THE HISTORICAL PERFORMANCE OF THE COMPANY’S NATURAL GAS HEDGING PROGRAM?
A.	The Company has lost $753 million during 2006 – 2025. The positive values in the table below represent hedging program losses and increases in fuel cost and the negative values represent hedging program gains and decreases in fuel cost. 

Table 23: Hedging Costs ($millions)

	Year 
	2005
	2006
	2007
	2008
	2009
	2010
	2011

	Incremental Costs
	$64 
	$80 
	$68 
	$6 
	$186 
	$90 
	$105 

	Cumulative Costs
	$64 
	$144 
	$212 
	$218 
	$404 
	$494 
	$599 

	
	
	
	
	
	
	
	

	Year 
	2012
	2013
	2014
	2015
	2016
	2017
	2018

	Incremental Costs
	$84 
	$33 
	$11 
	$24 
	$10 
	($1)
	($12)

	Cumulative Costs
	$683 
	$716 
	$727 
	$751 
	$761 
	$760 
	$748 

	
	
	
	
	
	
	
	

	Year 
	2019
	2020
	2021
	2022
	2023
	2024
	2025

	Incremental Costs
	$21 
	$54 
	($95)
	($247)
	$125 
	$114 
	$33 

	Cumulative Costs
	$769 
	$823 
	$728 
	$481 
	$606 
	$720 
	$753 


	The Company acknowledges that it engages in hedging to help mitigate the risk of upward price volatility in the natural gas markets, it is clear that the program results in an overall increase in fuel costs to customers. Since 2005 the Company has provided a benefit (in the form of fuel cost savings) to customers in four years and clearly increased fuel costs for customers in seventeen years ultimately costing customers three quarters of a billion dollars over that time. 
Q.	WHAT IS STAFF’S RECOMMENDATION REGARDING THE COMPANY’S NATURAL GAS HEDGING PROGRAM?
A.	The natural gas hedging program should be terminated. The hedging program is not necessary to provide stable fuel rates for customers and has significantly increased ratepayer fuel cost over its history. For these reasons the program should be terminated.
Q.	HAS THE COMPANY REQUESTED ANY CHANGES TO ITS HEDGING PROGRAM IN ITS FCR-27 APPLICATION?
A.	Yes. The Company is requesting the limits of the hedging program be increased to 60% from current 40% of its budgeted natural gas burn and up to 48 months out from current 36 months.  These increases in program limits combined with higher volumes of gas burn in 2026 - 2029 would result in the Company hedging significantly higher volumes of natural gas. For example, if the Company were to hedge 60% of their projected natural gas burn it would amount to approximately XXXXXXX MMBtu hedged in 2027, an increase of 91% from the volume hedged in 2025.[footnoteRef:128] Given the program’s past performance it is possible that larger losses could occur if the Company’s limit modification request was granted. [128:  STF-JKA-2-3 Attachment A, XXXXXXX MMBTU Hedged Volume in 2025] 

If the Commissions were to allow the continuation of the hedging program, the Company should only be allowed to hedge up to 30% or projected burn and 24 months in advance. This will keep the volume of future hedges in line with the current amount and could limit potential losses. In addition, the Company should be required to provide transaction level hedging support in its annual filings to allow for additional review of the program. 
Q.	HAVE UTILITIES IN THE SOUTHEAST UNITED STATES TERMINATED THEIR NATURAL GAS HEDGING PROGRAMS?
A.	Yes. In Florida for example, a moratorium on natural gas financial hedging was issued in Docket No. 160001-EI by Order No. PSC-16-0547-FOF-EI as a result of over $6.5 billion in cumulative losses by the investor-owned utilities.[footnoteRef:129] The Florida Commission issued Order PSC-2017-0451-AS-EU, which suspended the natural gas financial hedging for Duke Energy Florida through December 2021. Duke Energy Florida again agreed through Settlement to not execute any new natural gas financial hedging contracts through December 2027, which was approved by Order PSC-2024-0472-AS-EI. Florida Power and Light through settlement agreed to terminate 100% of any natural gas financial hedging through December 2026, which was approved by Order PSC-2021-0446-S-EI. [129:  https://www.utilitydive.com/news/florida-regulators-hit-pause-on-utility-natural-gas-hedging-programs/429758/] 

		Similarly in South Carolina, Dominion Energy South Carolina was recently required to evaluate the feasibility, costs, and benefits to customers associated with reinstating a natural gas financial hedging program that had been suspended since 2012.[footnoteRef:130] The results of the hedging examination were presented in DESC’s 2024 fuel proceeding, which recommended DESC continue its existing business practices of natural/physical hedging, market purchases and implementation of customer bill rate reset on an annual basis rather than expand its practices to include financial hedging.  [130:  Docket No. 2024-2-E— Order No. 2024-296.] 

Q.	PLEASE SUMMARIZE THE STAFF’S RECOMMENDATION REGARDING THE COMPANY’S NATURAL GAS HEDGING PROGRAM.
A.	Staff recommends the natural gas hedging program be terminated as it is not necessary for stable fuel rates for customers and will most likely increase ratepayers fuel cost in the long run. The Company’s natural gas hedging program has provided very little cost stability and has cost customers considerably over the past twenty years. Fixed fuel rates are by far a more efficient approach to providing fuel cost stability to customers at lower cost. The Commission sets fixed fuel rates that do not change from month to month. However, if the Commission were to allow the Company to continue, Staff recommends that the Company be limited to hedging 30% of its projected burn volume and limited to hedging 24 months in advance. Staff also recommends that the Company be required to file transaction level support for the annual hedging reports, which will provide additional details and insight to the program’s performance. 
[bookmark: _Toc226620020]Firm Transportation
Q.	DOES THE COMPANY HAVE SIGNIFICANT ADDITIONAL NATURAL GAS FIRM TRANSPORTATION COMING ONLINE DURING THE PROJECTED PERIOD OF JUNE 2026 THROUGH MAY 2029?
A.	Yes. The Company will have an additional XXXXXX MMBTU/day firm natural gas transportation capacity coming online in late 2027.  
Q.	WILL THE NEW FIRM TRANSPORTATION CAPACITY BE UTILIZED DURING THE PROJECTED PERIOD. 
A.	Not all of it. The Company has procured firm transportation from Transco for future generation of new combined cycle units at Plants Bowen and Wansley.[footnoteRef:131]  The Company will begin paying for the costs associated with these on XXXXXXXXX and estimated the costs would be approximately $ XX million during the projected period.  [131:  Direct Testimony of Adam D. Houston and Matthew S. Berrigan, p. 19.] 

Q.	HAS THE COMPANY PROPOSED TO RECOVER THE COSTS ASSOCIATED WITH THE ADDITIONAL NATURAL GAS FIRM TRANSPORTATION THROUGHT FUEL CLAUSE?
A.	Yes. However, the Company plans to monetize the firm transportation capacity and any sale proceeds, in excess or shortfall of the capacity costs, will be credited to the fuel clause to offset the capacity costs. If the Company is not able to monetize the additional natural gas firm transportation not utilized for generation, the Company proposed that “any capacity costs net of sale proceeds will be included in the fuel clause to be recovered from, or returned to, customers.”[footnoteRef:132] These Company’s efforts and the ultimate costs to customers will be reviewed as part of the next FCR proceeding.  [132:  STF-JKA-3-34.] 

[bookmark: _Toc226620021]Interim Fuel Rider

Q.	PLEASE DISCUSS THE INTERIM FUEL RECOVERY (“IFR”) MECHANISM.
A.	The IFR mechanism was first approved in FCR-21, and its purpose has been to inform the Commission when the accumulation of a substantial over-recovered or under-recovered fuel balance occurs. The IFR provides the means by which Georgia Power can reset the FCR Tariff to address the fuel balance between FCR proceedings in an attempt to better align the costs customers pay with the actual costs the Company incurs. Prior to the Company filing FCR-26, the IFR mechanism rule limited any adjustment to no more than 15% above or below the approved FCR rates. 
Beginning in about June 2021 when FCR-25 rates were in effect, the under-recovered fuel balance greatly increased as significant upward pressure on natural gas prices occurred. As a result, the Company implemented the maximum allowed 15% increase in the FCR-25 rates via the IFR-4 adjustment, which took effect in January 2022. Despite implementing the 15% increase in IFR-4, the Company’s FCR-25 under-recovered fuel balance continued to increase significantly through 2022.[footnoteRef:133] Because of this, the Company sought a change to the IFR mechanism in FCR-26, which allowed adjustments to be as much as 40% above or below the approved FCR rates, which the Commission approved.  [133:  Direct Testimony of Sarah Adams and Adam Houston, Docket No. 44902, FCR-26, February 28, 2023, p. 13, l. 6. ] 

Q.	OVER THE FCR-27 HISTORICAL PERIOD HAS THE FUEL BALANCE EXCEEDED $200 MILLION IN ANY HISTORICAL MONTH?
A.	Yes, the cumulative Part-A fuel balance has exceeded $200 million in eight months out of the historical period. In those eight months, the Company filed IFR reports as required; however, the Company did not seek to make a change in any of those months to the Part-A fuel rate to ensure the fuel balance would decline towards zero, which is the objective of the fuel cost recovery. Every month in which a balance exists, customers are required to pay the Company’s carrying costs.    
Q.	DID THE COMPANY EXPLAIN WHY IT DID NOT SEEK AN ADJUSTMENT TO THE FCR RATES AS IT WAS PERMITTED TO DO?
A.	The Company provided an explanation why it did not seek an adjustment in one out of eight IFR reports that it submitted since the completion of FCR-26, the very first one, which was associated with April 2025. The Company’s explanation was, 
The Company expects the recent decrease in natural gas prices, as evidenced by the latest natural gas forward price curve, to help mitigate and stabilize the under-recovered balance through the end of the current FCR period (May 2026). In addition, in the near term, volatility in the macroeconomy provides added uncertainty in these underrecovery projections.[footnoteRef:134] [134:  Georgia Power’s IFR Report, filed in Docket No. 44902, May 14, 2025.] 

	While this may have been a reasonable explanation at the time, the Company offered no additional explanation why it did not seek an adjustment in any other IFR report that it filed during the FCR-27 historical period. As it turned out, the Company’s expectations were wrong as the Company still had an under-recovered Part-A fuel balance that exceeded $200 million through the end of December 2025. The under-recovered fuel balance would likely have been eliminated or significantly lower had an IFR been adopted. 
Q.	PLEASE DESCRIBE THE CHANGES TO THE IFR MECHANISM THE COMPANY HAS PROPOSED IN THIS PROCEEDING?
A.	The Company has proposed to increase the amount by which the Company can adjust rates through the IFR mechanism from $200 million to $300 million, citing rate stability and additional flexibility to timely address fuel price volatility as the reasons for the proposed change.[footnoteRef:135]  [135:  Direct Testimony of Adam Houston and Matthew Berrigan on behalf of Georgia Power Company, p. 22, l. 12.] 

Q.	DOES STAFF AGREE WITH THE COMPANY’S PROPOSAL?
A.	No. Staff understands rate stability is important; however, customers have to pay carrying costs when the fuel balance grows and increasing to $300 million could increase the amount of carrying costs that will have to be paid. Furthermore, by not making fuel rate changes using the IFR mechanism, the Company is pushing fuel costs to future generations. Customers who did not incur the costs or benefit from the use of the fuel will have to pay the under-recovered amounts. This is why an IFR is needed, to more closely assign fuel costs to cost causers.
Staff disagrees with the Company and recommends the IFR remain unchanged at the $200 million threshold. Staff further recommends the Company not only be required to make an informational filing but also be required to propose an adjustment to fuel rates in an IFR filing to minimize cumulative impacts until a comprehensive fuel case can be filed and reviewed. However, Staff proposes that IFR changes to fuel rates should occur no more frequently than once every three months and should still be subject to the limit that fuel rates should change by no more than 40% +/- since the last fuel proceeding.
Q.	DOES THIS CONCLUDE YOUR TESTIMONY?

A.	Yes it does.
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